NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-1

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-1

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 12, line 7, please define
“non-coincident peak basis.” Does non-coincident peak refer to the customer’s
contribution to class peak, or the individual customer’s maximum annual
demand?

Response

The reference to non-coincident peak means the individual customer’s maximum
annual demand.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-2

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-2

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 12, lines 17 and 18,
provide the basis for Mr. LaMontagne’s assertion that DG customers will forgo
generation in order to profit from selling gas in the market. Identify any specific
DG customers known to Mr. LaMontagne within the NSTAR service territory
who have forgone generation in order to sell natural gas in the market.

Response

Mr. LaMontagne is not aware of any such specific customer. However, there are
significant economic incentives for a customer to engage in such a strategy since
electricity prices are averaged over many hours and peak-period gas prices may
be far higher than the regulated electricity prices. This is particularly true during
periods of high demand in the winter. In fact, we are aware of a large QF that
significantly reduced its availability because of the opportunity to sell gas at high
market prices.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-3

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-3

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 15, line 11, provide the
basis for the statement that “most customers will install DG to satisfy base load
requirements.”

Response

It is generally most economical, in terms of energy costs savings through
displacement, for customers to install on-site generation capacity to serve loads
that are sustained for many hours in the year. The threshold point for the ideal
amount of capacity to install is the load level on the annual load duration curve
corresponding to the number of hours of operation where the purchased power
cost curve intersects with the on-site generation total cost curve. That capacity
level is often referred to as base load.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-4

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-4

Please provide a copy of all load studies Mr. LaMontagne has performed or
reviewed comparing the load characteristics of DG customers with the load
characteristics of non-DG customers.

Response

Please refer to the response to Information Request TEC-3-5, which sets forth the
tabulation of the AVGBQ/MAXBQ ratio for customers with and without on-site
generation.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-5

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-5

For the 15 customers (excluding MIT) with generation identified in the
supplemental response to TEC 2-1, please provide the monthly billing demands
and the ratio of average to maximum as shown in Exhibit NSTAR-HCL-8.

Response
Please see Attachment TEC-3-5.
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NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-6

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-6

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 24, line 11, define “a
standby service customer’s non-coincident peak distribution requirements.” State
whether “non-coincident peak™ refers to the customer’s individual maximum
demand or the customer’s contribution to class peak demand.

Response

Non-coincident peak refers to the individual customer’s maximum demand.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-7

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-7

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 27, lines 11 and 12,
describe “enforceable, technical ability.”

Response

By “enforceable, technical ability”, the Company means it would be required to
have the physical assurance that the load in excess of the firm level of the standby
service contract demand is either reduced by the customer or is disconnected from

the distribution system.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-8

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-8

Referring to Mr. LaMontagne’s Rebuttal Testimony at p. 29, lines 9 and 10,
provide the basis for the proposal to include “a 20% threshold for the applicability
of standby service.”

Response

The 20 percent threshold is currently included in the Cambridge’s Rate SB-1. In
addition, the 20 percent level is supported by the information in Exhibit NSTAR-
HCL-8. The information on this exhibit indicates that the variability of billing
demands for most customers without on-site generation is between 10 percent and
30 percent. Thus, setting the minimum on-site generation capacity at 20 percent
is reasonable.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-9

May 3, 2004

Person Responsible: Henry C. LaMontagne
Page 1 of 1

Information Request TEC-3-9

Has Mr. LaMontagne ever used maximum customer demand as an allocator for
distribution plant in an embedded cost of service study for one of the NSTAR
companies? Assume maximum customer demand is the sum of the individual
customer peaks in the class in the test year. If Mr. LaMontagne has ever used
such an allocator, identify the company, the date of the study, and the specific
three-digit account numbers (accounts 360 to 373) to which he applied the
allocator. Provide a copy of the study.

Response

Mr. LaMontagne has used non-coincident class demands, but not a maximum
customer demand as an allocator in an allocated cost study. A maximum
customer demand allocator would be appropriate when performing cost
allocations to customer classes when non-continuous-use customers are included
either as a separate customer class or combined with a continuous-use customer
class.

!



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-10

May 3, 2004

Person Responsible: Charles P. Salamone

Page 1 of 1

Information Request TEC-3-10

Refetring to Mr. Salamone’s Rebuttal Testimony at p. 4, line 10, define “non-
coincident peak demands of all customers on the circuit.”

Response

The non-coincident peak demand of a customer is the maximum peak demand of
that customer. The non-coincident peak demand of all customers on a circuit is
the sum of each customer’s individual maximum peak demand.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-12

May 3, 2004

Person Responsible: Charles P. Salamone

Page 1 of 1

Information Request TEC-3-12

In planning for a distribution circuit, does Mr. Salamone consider load growth and
reserve margins? If so, please state the range of the specific assumptions Mr.
Salamone has used in planning studies.

Response

Yes, both load growth and reserve margins are considered in the planning process.
The range of load growth varies for each distribution circuit, but on average, load
growth has averaged approximately 2 percent. The general rule of thumb is to
design a circuit with between 50 percent and 20 percent reserve margin. This
allows the circuit to provide backup capacity in support of adjacent circuit outages.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-13

May 3, 2004

Person Responsible: Charles P. Salamone

Page 1 of 1

Information Request TEC-3-13

In planning for a distribution substation, does Mr. Salamone consider load growth
and reserve margins? If so, please state the range of the specific assumptions Mr.
Salamone has used in planning studies.

Response

Yes, both load growth and reserve margins are considered in planning studies for
distribution substations. The range of load growth varies for each distribution
substation, but on average, load growth has been approximately 2 percent,
Reserve margins range from 40 percent to 20 percent.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-24

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-24

Referring to Ms. Parmesano’s Rebuttal Testimony at page 6, lines 17-20, please
explain how the current structure of rates for customers without generation does
not provide signals to DG customers of the costs of providing standby service
both in terms of (a) maintaining the necessary infrastructure; and (b) delivering
the energy when the customer’s generation is not producing at the normal level.

Response

The current structure of rates for customers without generation charges for the
infrastructure on a usage basis, so that on these rates customers with on-site
generation, whose metered use is only sporadic, do not pay the full cost of the
infrastructure standing ready to serve them. Meanwhile, under these rates, DG
standby usage triggers charges that exceed the cost of the actual energy deliveries
because the usage charges include infrastructure costs.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-25

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-25

Referring to Exhibit NSTAR-HSP-2 at p.5, please provide all supporting data for
the statement: “Customers with DG may have load characteristics that are very
different from those of customers that purchase all their electricity requirements.”

Response

The statement is not based on specific data, but rather on the knowledge that, given
the wide range of technologies, operating patterns, outage rates, and residual
customer loads, there is a potential for on-site generating customers to have load
characteristics very different from continuous use customers. Moreover, on-site
generating customers have lower load factors than continuous-load customers
because of their intermittent use.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-26

May 3, 2004

Person Responsible: Hethie S. Parmesano
Page 1 of 1

Information Request TEC-3-26

Please provide all data examined or utilized by Ms. Parmesano regarding the load
characteristics of existing customers with generation in NSTAR’s service
territory.

Response

Dr. Parmesano did not examine or use any such data.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-27

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-27

Please provide all testimony and supporting exhibits by Ms. Parmesano regarding electric
standby rates from January 1, 1999 to the present. Please also supply transcripts of cross-
examination and copies of regulatory decisions relating to this testimony.

Response

Dr. Parmesano has not filed testimony on standby rates from January 1, 1999 to the
present, except for this case.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-28

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-28

Please provide all testimony and supporting exhibits by Ms. Parmesano regarding
ratchets in electric rates from January 1, 1999 to the present. Please also supply
transcripts of cross-examination and copies of regulatory decisions regarding this
testimony.

Response

Dr. Parmesano has not filed testimony on ratchets in electricity rates from January 1,
1999 to the present.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-29

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-29

Referring to Ms. Parmesano’s Rebuttal Testimony at p. 11, lines 6-9, please
provide a copy of the Department approved cost studies that are the basis of the
current unbundled distribution rates of the three NSTAR utilities. Please show
how these cost studies were unbundled into components.

Response

Please see responses to Information Requests: NEDGC-1-1, DTE-2-23, DTE 3-18
and DTE 4-19.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-30

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-30

Has Ms. Parmesano advocated using maximum customer demand as an allocator for
distribution plant in an embedded cost of service study for a client? Assume maximum
customer demand is the sum of the individual customer peaks in the class in the test
year. If so, list the utility, the date of the study, and the specific three-digit account
numbers (accounts 360 to 373) for which the allocator was proposed. Provide a copy of
any study using such recommended allocator.

Response

Dr. Parmesano has not previously testified that maximum customers demand should be
the appropriate allocator for distribution plant in an embedded cost of service study.



NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-31

May 3, 2004

Person Responsible: Hethie S. Parmesano
Page 1 of 1

Information Request TEC-3-31

Please provide a copy of “Alternative Approaches to Area-Specific Marginal
Transmission and Distribution Cost Estimation” (1994 EPRI presentation).

Response
A copy is provided as Attachment TEC-3-31.



Att. TEC-3-31

ALTERNATIVE APPROACHES FOR A‘REA‘-SPE_CIFIC _
MARGINAL TRANSMISSION AND DISTRIBUTION COST ESTIMATION

Hethie S. Parmesano
Vice President
National Economic Research Associates, Inc.
555 South Flower Street, Suite 4100
Los Angeles, CA 90071

Abstract

For a variety of reasons, there is growing interest by the electric utility industry in marginal
and avoided transmission and distribution (T&D) cost estimates that reflect the different -
~ capacity (and cost) situations in various parts of the utility’s service territory.
Geographically-differentiated T&D costs can improve the efficiency of DSM program
evaluations, special rates and contracts, and standard tariffs. This paper looks at area-
specific T&D cost efforts by three utilities - Pacific Gas & Electric Company, Public
‘Service Electric & Gas Company of New Jersey, and Central Maine Power Company.
Each company has made major contributions to a relatively neglected area of marginal cost
analysis, and each company’s approach could be improved by borrowing from the others’ '
efforts. The paper also suggests that a different approach -- estimating area-specific short-
run marginal T&D costs may provide even more useful information for use in rates and
DSM evaluations. '

Introduction

For a variety of reasons, there is growing interest by the electric utility industry in marginal
and avoided transmission and distribution (T&D) cost estimates that reflect the different
capacity (and cost) situations in various parts of the utility’s service territory. Demand-side
management can be targeted to areas where it will be most cost-effective if avoided T&D
costs are geographically differentiated. The charges in special rates or contracts to
encourage economic development or load retention can be varied geographically to
encourage load development and retention in the areas where it can be served at lowest
-cost. Geographically differentiated T&D cost estimates are important in the design of
efficient wheeling rates. Geographically-differentiated standard tariffs based on marginal
costs, if politically acceptable, can give customers more efficient price signals than rates
based on non-geographically-differentiated marginal costs. '

Utility cost analysts have spent years perfecting methods for estimating marginal and
avoided generation costs. Until recently, there has been significantly less effort spent on
methods for marginal T&D costing. This paper describes and evaluates approaches being
explored by three U.S. utilities to improve their marginal T&D estimates. '

nera



-2-

~ Characteristics of Appropriate T&D Cost Estimates

To design appropriate methods for estimating T&D costs it is necessary to first determine
‘the purpose for which the estimates are to be used. The average T&D costs avoided
because of a large reduction, for a specific period of time, in the load that would otherwise
exist in a given area may be quite different from the T&D cost associated with a-small
increase in load, evaluated one year at a time. The first estimate might be used to evaluate
the benefits of a particular demand-side management (DSM) program.! The second

would be appropriate for setting efficient rates. :

T&D Costs for DSM Evaluations
If we assume that the evaluation of DSM programs _requires an estimate of the average

avoided cost associated with a particular program or group of programs, then the avoided
cost T&D method should have the following characteristics:

1. Be area specific. Avoided T&D costs may vary significantly across the service

' territory. ‘

2. Take the size of the load reduction into account. Average avoided costs per
kilowatt may vary significantly depending on the size of the load reduction.

3. Reflect the specific period of years over which the program’s effects are
expected to persist. :

4. Be time-differentiated. A program which reduces load only in the summer peak

' period may have an effect on costs very different from a program which reduces
load in all periods. '

5. Reflect the timing of planned capacity additions (and the degree of excess
capacity in the near-term). ,

6. Reflect the rising value of load reduction as inflation raises the cost of new
capacity. )

7. © Take uncertainty into account. Avoided costs are future costs and cannot be

‘ known precisely. '

' For efficiency, the cost of the last increment of the large DSM program should be
compared to the marginal benefits it will provide, not to the average avoided cost for the
entire block. If the cost of the last increment of the program is not less than or equal to
the cost avoided by that last increment of program, the proposed program is too large.
Typically, however, this marginal analysis is not performed and large programs, or groups
of programs, are instead compared to the average avoided cost for the entire block of load
reduction. :

v nera



T&D Costs for Ratemaking

- Most of the characteristics of T&D cost estimates needed for marginal cost ratemaking are
the same as those needed for DSM avoided cost computations. However, there are two
important differences. The first difference is in item number 2, above. By definition,

marginal cost is the change in total cost with respect to a very small change in load. If the

- rates based on new, more precise marginal T&D cost estimates are expected to generate
such a large customer response that marginal costs.change, it is important to simulate

-several iterations of marginal cost estimates and customer responses. However, once an
equilibrium "base case" is identified, the marginal cost method should examine the effect
on total cost of a small change in that base case.

The second difference between the characteristics of appropriate T&D methods for DSM
evaluations and marginal cost ratemaking is the period of analysis. To evaluate the effect
- of a particular DSM program, we need to track changes in cost over the expected effective
- period of that program (and beyond if differences in costs between the base case and DSM
~ case persist even after the program’s effects have worn off.) Experts differ over the period
that should be reflected in the marginal cost price signals. Some, like me, urge utilities to
~ base rates on the marginal costs in the period the rates are expected to be in effect and tell
~ customers through other means of communication the rates they can expect in the future.
Others believe that customers should pay rates that reflect the marginal costs expected to
be incurred over a specific period of years, such as five, ten, or more.> To accommodate
all of these philosophies, a marginal cost study should produce individual cost estimates for
every year over a period of ten or more years. These annual cost estimates can then be
combined as the ultimate decision-makers, the regulators, see fit.

Because the agenda of this conference focusses on innovative electricity pricing, the
remainder of this paper will address T&D costing methods for use in ratemaking, rather
than in DSM evaluations or other uses of avoided cost analysis. '

Initial Attempts at Area-speciﬁc Marginal T&D Costing
A number of utilities have begun to develop methods for estimating area-specific marginal

or avoided T&D costs. Some of these methods are still in the early stages of development,
while others have actually been used in regulatory proceedings. Below are descriptions and

2 Somerate analystsbelieve that rates should reflect theoretical long-run marginal costs, i.e.,
- the marginal costs that would be incurred to serve additional load if the utility system were
optimal and had no excess or shortage of capacity. = Since this extreme approach is
~antithetical to the move toward area-specific marginal costs that reflect the real resource
costs or savings associated with load changes, it will not be addressed in this paper.

n/erxra



evaluations of efforts by three utilities -- Pacific Gas & Electric Company, Public Semce
Electric & Gas Company of New Jersey, and Central Maine Power Company

The PG&E Approach

In its Test-Year 1993 General Rate Case, Pacific Gas & Electric Company (PG&E)
proposed a new approach to estimating marginal T&D costs that they call the Present
Worth (PW) Method.> The method was proposed for assigning the overall revenue
requirement to classes based on an equiproportional adjustment of the marginal costs of
serving each class, but not for developing geographically-differentiated rates.

PG&E’s new method is based on the assumption that a nine-year reduction in the load
forecast equal to the average annual load growth expected over those nine years will cause
a shift of the nine-year capacity expansion plan by one year. Projects are categorized as’
bulk projects, applying to.all areas; regional projects, applying to all districts within a
-division, district projects related to growth only within the district; and non-specific
background projects, the costs of which are assigned to districts based on relative expected
load growth.*

PG&E’s goal was to develop a method that would reflect the lumpiness of transmission
investment and the posmon of the utility in its cycle of T&D capacity building in the
various districts of the service tefritory. For example, if unusually heavy investment is
expectcd in the next two years, PG&E wanted a marginal/avoided method that would
result in higher cost estimates than if the heavy investment were planned for years 7 and 8.
The PW method computes the real levelized annual savings per kilowatt from shifting-an
expansion plan by one year. The computation is essentially performed for three
overlapping nine-year periods and averaged.

~ Table 1 illustrates the PG&E PW method using one of PG&E’s division transmission

. projects serving several districts, but with the simplification of eliminating the three-period
average and concentrating on a single nine-year period, 1990-1998. The budgeted
expenditures for the San Francisco Near-Term Substation Reinforcement project, shown in
Col. (A) are assumed to shift by one year, shown in Col. (D) in response to a load

. reduction equal to the average annual expected load growth over the nine-year period, in

3 T.hls descnptlon of PG&E’s proposed area transmission analysxs is based on Exhlblt
PG&E-16 from PG&E’s Application No. 91-11-036 to the California Public Utilities
Commission, November 26, 1991.

4 No cost of background projects is allocated to a district with expected load growth of less
than 0.5 megawatts per year.
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this case 13 megawatts, shown in Col. (C). Cols. (E) and (F) show the two investment
streams scaled to convert the investment dollars to revenue requirements, including return,
depreciation, taxes, operation and maintenance expense (O&M), and general plantand
administrative and general adders. Line (13) shows the present value of the two streams of
revenue requirements. The difference in the two streams is divided by the average annual
load growth for the nine-year period on Line (14). The final two steps are to convert this
present value of revenue requirement per kilowatt to the first-year value of a stream of
values that rise at the rate of inflation (Line (15) and convert it to 1993 dollars on Line

(16)).

In the actual PG&E method, the process shown in Table 1 is repeated twice more, once for
the period 1991-1999 and again for the period 1992-2000. The results for all three periods

- are averaged. The three-period process is also repeated for bulk transmission projects,
district projects, and non-specific background projects. All of the costs applicable to a
given district are summed to yield a district-specific marginal /avoided cost estimate.

The PSE&G Approach

Public Service Electric & Gas Company of New Jersey (PSE&G) is also working on a
method for developing area-specific marginal transmission costs.” PSE&G has :
concentrated on determining the contribution of load growth at various substations to the
need for the budgeted transmission projects. A substation can be physically close to a
transmission line that is overloaded, but electrically remote. This means that load growth
~at the substation is not contributing to the need for the investment designed to relieve the

congestion. Conversely, a substation can be physically remote from a planned transmission
‘upgrade, but electrically close. For some projects it is obvious which substations’
incremental loads have the largest impact on the need for the investment, but for many
projects, an objective measure is needed.

Transmission engineers at PSE&G and other PJM pool companies use "generation
distribution factors” (or GEN DFAX) to represent the portion of generation at a particular
- bus that appears on a transmission line. According to PSE&G, these factors are developed
- by loadflow software and are based solely on the transmission network topology, not the
load level, generation dispatch or individual line loadings. These factors.are usedbya
loadflow program to screen a load flow base case for potential overloads as a result of 2
sudden line outage or shift in generation dispatch.

5 This description of the PS&EG work-in-progress is based on Robert Stack, "An Area-
Specific Transmission Marginal Costing Methodology," Public Service Electric and Gas
Company, presented at the NERA Marginal Cost Working Group meeting in Portland,

‘Maine, October 1993. g

nera



6.

‘While the GEN DFAX tells what portion of the marginal generation at a particular bus
will flow on a given transmission line, treating load at the transmission substations as

- .negative generation and reversing the sign of the GEN DFAX values for the substations
tells the portion of incremental load at each substation that will be met by deliveries over a
‘particular transmission line. Thus, reversing the sign of the GEN DFAX values gives
LOAD DFAX values. _ _

- PSE&G’s proposed method for area transmission marginal costing involves using the

LOAD DFAX values to determine how many kilowatts of load growth triggered the

capacity addition so that the dollars of investment can be converted to dollars per kilowatt,

and to assign marginal responsibility for the budgeted projects to substations (and

- ultimately larger regions of the service territory). The first step is to calculate the LOAD
DFAX values assuming the network conditions (generally first contingency) that result in

the overload that triggers the budgeted transmission project, and rank the substations in

- descending order by LOAD DFAX. These values range from -1 to 1, with negative values
indicating that added load at a particular substation would reduce load on the overloaded

facility. o '

Table 2 shows the LOAD DFAX values for a particular 230-kV upgrade project and the
computation of the load growth that triggered it. The LOAD DFAX of 0.746 in Col. (2) on
the first line shows that a kilowatt of load growth at the Sunnymead substation will increase
~ load on the Branchburg-Bridgwater line by 0.746 kilowatts under first contingency
conditions. Under the assumption that the upgrade will accommodate load growth for ten

- years, PSE&G has estimated what that ten-years of load growth on the Branchburg-

o Bridgwater circuit will be. Col. (3) shows the estimated load growth for each substation.

Col. (5) uses the coincidence factors in Col. (4) to convert the non-coincident substation
load growth to load growth at the time of the system peak.® Col. (6) then computes the
- growth in peak on the Branchburg-Bridgwater circuit over the ten-year period by

- multiplying the coincident growth at each substation by its LOAD DFAX, and summing
across all substations. The final step in the process of evaluating the cost per kilowatt of
this upgrade is to divide the cost of the project by the load growth on the circuit, for a
project average investment cost of $90.80 per kilowatt of added flow.

Now that we know the cost per kilowatt of this particular upgrade, we need to determine
how much of this cost is triggered when load grows in'a particular region. Table 3 shows
the substations grouped by LOAD DFAX and physical proximity. In Col. (3) the ten-year
incremental contribution to flows on the Branchburg-Bridgwater circuit by the substations
in the area is divided by the ten-year coincident peak load growth by these substations to
~ yield a load-growth-weighted area LOAD DFAX. Multiplying these area LOAD DFAX by

¢ Loadson the Branchburg-Bridgwater circuit are expected to peak at the time of the overall
system peak.
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the average investment cost per kllowatt of added flow on the circuit: (calculated on Table
2), gives, in Col. (4), the area-specific marginal investment per kilowatt of load growth
related to the project.

PSE&G’s plan is to focus next on a method for integrating the marginal costs of several
projects, taking into account the fact that some projects are tnggered by off-peak loads.

The CMP Approach

In Case 89-68, the Maine Public Utilities Commission asked Central Maine Power

- Company (CMP) to consider alternative approaches to estimating margmal transmission
-and distribution costs. The Commission was particularly interested in sensitivity studies of

transmission and distribution costs. The Commission also suggested that marginal T&D

costs should reflect the timing of future capacity additions.”

As part of its transmission planning process, CMP prepares detailed studies of current and
future (ten-year) transmission needs for each of its 14 planning areas. The areas are
defined based on load, transmission and geographic characteristics. A new Area Study is

‘ prepared for each area every three or four years. CMP is exploring the use of information
in the area studies to develop margmal transmission costs.

Table 4 illustrates CMP s early work on this method Using the analysis in the Area
Study, two transmission plans are prepared for an area, one based on the assumption that
~ - load growth will be approximately one percent per year, and a second based on the
assumption that load will grow at approximately three percent per year.” Projects are
defined as related to load growth (G), related to projects needed to serve current load but
delayed for some reason (L), projects needed for safety reasons (S), and
replacement/rebuild projects (R). Only the projects needed for additional growth are
considered marginal.

Cols. (4) and (7) of Table 4 show the transmlssmn investment in nominal dollars for the
- one-percent and three-percent growth scenarios, respectively. Cols. (5) and (8) convert the

7 Maine Public Unlmes Comrmsswn Order for Docket 89-68, Issued: March 29, 1991.

® This description is based on the prefiled direct testimony of Wame Whittier and
Attachment A to the prefiled direct testimony of Steven Garwood in Maine Public Utilities
Commission Docket No 92-315, filed February 17, 1993.

®  The loads in both scenarios are also adjusted for specific known changes due to factors
such as major new customers :

n/era
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investment to 1993 present value terms. The last line of Table 4 shows the present value
investment per kilowatt of load growth for the one-percent, three-percent, and extra two-
.percent above the one-percent case.

- Inan interim filing in its latest rate structure case, CMP filed a system-wide marginal cost
‘estimate based on Area Studies recently completed for 7 of its 14 areas. In that filing,
CMP computed the present value of transmission investment per kilowatt of load growth
for the combined 7 areas for the one-percent and three-percent growth scenarios, and

~ interpolated to find a value corresponding to a 1.5-percent growth rate, which is consistent
with the load forecast used in the generation capacity portion of the marginal cost analysis.
This marginal investment per kilowatt of load growth was then converted to an annual
value by applying an economic carrying charge, fixed O&M factors, allowance for working

- capital, and loaders for A&G and general plant.

‘Evaluation of Emerging Methods
PG&E

The new PG&E PW approach is an important step forward in marginal T&D costing. It
reflects the geographic differences in the costs imposed when load grows and reflects the
timing of those cost effects. I do, however, have a number of criticisms of the method.

The most important assumption underlying the PW method is that if load growth declined
~for nine years by an amount equal to the average annual load growth expected over the
nine-year period, the entire capacity expansion plan for those nine years would slip by
- exactly one year. I think it is inappropriate to make this assumption without checking with
“the planners who developed the expansion plan. Perhaps there are expensive projectsin
the early years that have been deferred because of budget constraints and will be built even
_ ifload growth is reduced. Another possibility is that particular projects are needed to meet
“the remaining load growth and they cannot be deferred without unacceptable effects on

reliability. '

A second key assumption is that a load reduction equal to a year’s worth of load growth
provides an appropriate basis for marginal ¢cost. One year’s load growth on PG&E’s bulk
transmission system is approximately 200 megawatts, which is hardly a marginal change. It
‘would be interesting to see what the PG&E planners’ response would be to a much smaller
change in the load forecast. ‘

PG&E’s PW method assumes that the load reduction lasts for exactly nine years. The

choice of nine-years was explained as a compromise between giving a short-term and a
long-term price signal. In light of PG&E’s use of an average of six years of generation
capacity costs and a single year of marginal energy costs in its marginal cost analysis, it

A}
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-seems inconsistent to choose a nine-year price signal for transmission and distribution. I

favor signaling in rates the marginal costs expected over the period the rates are to be in
- effect and telling customers directly our best estimates of future prices so that they can
efficiéntly make both short- and long-term consumption decisions.

1t is PG&E’s position that a load reduction lésting nine years will cause a one-year deferral
of projects planned for those nine years, but have no impact on capacity costs beyond the

. nine-year window. An alternative approach, using an economic carrying charge to compute

- the value of a one-year deferral, recognizes that a consumption decision which alters the
near-term capacity expansion plan will also affect capacity expenditures for many years into
the future because the schedule for replacing the deferred projects will be different from

- the schedule that would have been followed without the deferments. PG&F’s view is that

- capacity is not replaced to continue to serve load indefinitely. This view seems inconsistent

with utility actions. If load is not expected to continue at or above the current forecast, a

utility would be imprudent to build capacity with an expected life of 40 years.

PG&E’s new method assumes that if projected loads are reduced by the average annual
amount that loads are expected to grow over the next nine years, the entire capacity
expansion plan will be shifted by exactly one year. Because the streams of expenditures are
present valued in the analysis, the forecast expenditures in the early years of the period are
- given more weight than the expenditures in the latter years. However, in the denominator

of the equation, the forecast load growth for each year is. given equal weight. For
consistency in the numerator and denominator, the annual load growth should be
discounted by the real discount rate before being averaged. '

PG&E’s new method uses some historical information. Their transmission budget figures
covered the period 1990 to 2000, even though 1990, 1991 and 1992 investments would be
sunk by the time the rates went into effect in 1993, Analysis that covers only future
.investment would more accurately reflect the level and timing of PG&E’s marginal costs.

- PG&E proposed applying the one-year shift analysis three times, for overlapping nine-year
periods, to smooth away some of the lumpiness inherent in the results from their new
method and avoid the volatility in rates that might result from using a single nine-year
period. Since one of the company’s stated goals was to reflect the actual timing of
expenditures for new capacity, this averaging technique seems counter-productive.

- PSE&G

- PSE&G’s method for determining the areas in and extent to which load growth is triggering
the need for capacity expansion is an important improvement over a more subjective
assignment of transmission projects to areas. Furthermore, PSE&G’s approach to
determining the load growth, however geographically dispersed, that is triggering a

nera
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particular project is a welcome refinement. This method does depend on the -aésumpti_dn
that each project is expected to accommodate projected load growth for ten years. Itis
possible that some adjustment in the assumed time period should be made for. particular
projects. '

The time frame of PSE&G’s analysis is ten years. It will provide, when applied to all
planned transmission projects, an estimate of the typical expenditure (over ten years)
associated with marginal load in each district. Thus, the method does not contain a .
mechanism to reflect nearer-term shortages or excesses of transmission capacity, or to track

the lumpiness of particular transmission investments.

- PSE&G’s method for combining the LOAD DFAX for the substations within an area is to
- weight them by relative load growth over the ten-year planming horizon.. This may not
provide the "second-best" solution to pricing for groups of substations rather than for
individual substations. Even at the substations with low expected growth customers are
making marginal consumption decisions and need to face efficient prices. I would propose

~ weighting the individual LOAD DFAX by load, or number of customers served, rather

than by load growth.
CMP

CMP’s Area Studies approach to marginal transmission costing looks at the planners’
actual response to small changes in the load forecast. Thus, it avoids the use of overly
simplified rules of thumb and comes close to a truly marginal analysis. By computing the
present value of planned investments in a particular area, the method reflects the timing of
needed capacity expansion. However, since the load growth is not discounted, there is a
problem of inconsistency in the numerator and denominator. The load growth should be
discounted by the real discount rate. o

~ In its interim marginal cost filing, CMP interpolated between the incremental investment
per kilowatt for one-percent load growth and three-percent load growth to obtain a value

- for the expected 1.5-percent load growth. In each area studied, the results for a one-
percent and a three-percent change in load varied significantly. In some cases small

- changes in load could be accommodated with minimal investment, while in other cases
even low growth would trigger large investments, but further growth would not require

‘much additional capacity. To approximate the cost of a marginal change from the expected

1.5-percent growth rate, I would suggest developing a different method for estimating the
marginal cost around the expected level of load growth that would treat the investment

- mecessary for the first one-percent of growth as essentially "sunk.” :

n/era
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- 8ummary

All three of the methods described above make major contributions to a relatively
neglected area of marginal cost analysis. All three recognize the importance of looking at
“transmission planning on an area basis, rather than a system-wide basis. All three focus on
future projects, treating investment in the recent past as sunk and, therefore, irrelevant to
marginal cost. All three screen out projects that are not related to growth, such as
replacements and relocations. All three take approximately a ten-year look at marginal
costs. :

PG&E’s work emphasizes development of an easily replicated method that uses only
information developed as part of the normal transmission planning process. It relies on
simple rules of thumb, such as the assumption that a reduction in load growth for nine
years equal to the average annual expected load growth for the period will result in a one-
year shift of the entire expansion plan, and that transmission plant does not require
replacement, so that there are no "end effects" to account for in comparing the revenue
- requirements associated with the base case and shift case beyond the nine-year period.

PSE&G’s work also relies on information used on a regular basis by transmission planners.
- To date the company has focussed on determining at which transmission substations
marginal load growth contributes to overloads, and the project-by-project cost of
-responding to that growth.

CMP’s work uses detailed Area Studies prepared for transmission planning purposes, and
tests the responsiveness of planned investments to alternative forecasts of load growth.
This approach does not require the simplifying assumptions used by PG&E, but does
require direct assistance from the transmission engineers.

Conclusions

PG&E, PSE&G and CMP have made major contributions to advancing the state of the art
in marginal T&D costing. By combining the best features of each company’s work, éven
more precise marginal cost estimates may be possible. For example, area studies like

~ CMP’s, based on alternative (and relatively small) changes in load forecast, would obviate
the need for some of PG&E'’s simplifying assumptions. about the size and length of the load
decrement needed to shift the expansion plan by one year. PSE&G’s LOAD DFAX
analysis allows for an objective identification of the location of load growth associated with
specific planned projects and a more precise estimate of the size of the load growth
triggering capacity expansion.

There is another avenue for marginal T&D costing that these three companies have not, to
my knowledge, explored. PG&E and a number of other utilities around the country have

nera
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- moved to a short-run approach for estimating marginal generation capacity costs. Instead
of tracking the typical cost per kilowatt of generation capacity expansion (net of fuel

- savings) or discounting the cost of planned future capacity additions, they are estimating
the shortage costs (outage costs and/or emergency purchase costs) associated with '
marginal load. In the short-run, when capacity is not fully variable, load growth cannot be
matched by capacity. Rather, there is a change in the expected level of system reliability.
That change can be quantified by examining the costs to customers of outages and the costs
- of emergency purchases that may be made to prevent those outages. - If we know what the.
cost of an unserved kilowatt-hour costs, then we need only an estimate of the number of
additional unserved kilowatt-hours that would be triggered by load growth in a particular
area at a particular time to determine short-run marginal transmission and distribution
costs. Thope to be able to report to you on another occasion about my work on this
approach to area-specific, short-run marginal T&D costing.

n/era
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“Table 1

Simplified Ilustration of PG&E’s PW Mcthod Using
San Francisco Near—~Term Substation Reinforcement Project

(Actual Method Uses A Three—Year Moving Average Of This Computation)

Annual ‘Scaled PVof
_ Division Investment  Revenue Requirement 2 Difference in
Annual System Load Shifted “Shifted Present Value
Investment Peak Growth _ _One Year! _ : One Year Streams
($ 000) ——— (MW) ——— e e — ($ 000) = e (1991 $000)
. (A)x2.356 (D)x2.356  (E)-(F)
A) ®) © - (D) L)) ® (5]
1990 ' 1,097
1991 3640 1,110 13 $1,508 ‘30
1992 4,800 1,123 13 . 5669 11,309 1,576
1993 840 1,136 13 5,016 1,979 11,818
1994 0 1,149 13 878 0 2,068
1995 0 1,162 13 0 0 0
1996 0 1,175 13 -0 0 0
1997 0 1,188 13 0 0 0
1998 0 1,201 13 0 0 0
1999 -0 1,214 13 0 0 0
2000 ’ 0
Average 13
Present Value @ 11% 3 -(1991 0008): $13,302 $12,523 $779
PV Difference per kW of Load Growth (19918$) (13)/(12) $59.92
Real Levelized Annual Cost * (19918 / kW) $9.29
Real Levelized Annual Cost (19938/kW) (15)x (1+i)~2 $10.15
Assumptions:
Inflation Rate (i) 4.5%
. Discount Rate (r) 11.0%
‘Annualizcd Period 9 years
Area Transmission Scaler
for Substations % 2.356
Notes:

1 Values from columns (1) and (2) shifted one year forward with inflation added.
2 Scaling converts investment to present valued revenue requirement including return, depreciation,

_ taxes, O&M, and general plant and A&G loaders.
3 First year is not discounted.

4 () x(r-i)x {1 /[1- {(1+i)/ (1+1)} ~ 9]} —~ first year is discounted.

Source: - Based on PG&E 1993 Test Year General Rate Case Workpapers, Application,
- Exhibit (PG&E.16), Chapter 4, pages 1~4 to 1—6. -
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Table 2
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Illustration of PSE&G Method for Detcrmining-a'TmnsmissiOn Pro’jcct"s Cost
Per Kilowatt of Contributing Load Growth
Upgrade of Branchburg—Bridgewater 230—kV Circuit Project

nera

1992-2002  Substation  Coincident  Contribution To
* Station To System Substation Branchburg—
Generation Load Load Coincidence . - Load. Bridgewater
Bus Name - ‘DFAX DFAX _Growth Factor Growth - . _ Line Flow _
' ‘ o ' (MW) I MW) =
—-(1) (3)x(4) @x(5)
6] (&3] (3 “4) ™ (6)

-SUNNYMC 230 —0.746 0.746 6.35 0.797 5.06 3.78
'SOMRVLLE 230 -0.612 . 0.612 24.10 0.797 19.21 1176
BRIDGWTR 230 -0.537 0.537 ~0.90 0.725 =0.65 -0.35
LNELSN 1 -0.369 0.369 8.30 0.797 6.62 244
GREENBK 1 —0.346 0.346 3.80 0.797 3.03 1.05
"KILMER 1 230 -0.341 0.341 22.00 0.797 17.53 5.98
KIIMERW 230 -0.230 0.230 11.90 . 0.797 '9.48 218
L.NELSN 1 -0.223 0.223 8.30 0.797 6.62 1.48
‘GREENBK 1 -0.210 0.210 3.80 0.797 - 3.03 0.64
CDRGVB 230 ~0.090 0.090 3.00 0.797 239 022
CDRGVF 1 -0.082 0.082 3.00 0.797 2.39 0.20
CLIFINB 230 —0.080 0.080 2.55 0.797 2.03 0.16
CLIFINK 230 -0.079 0.079 2.55 0.797 2.03 0.16
JACKSON 1 -0.078 0.078 9.70. 0.797 7.73 0.60
SADDLBRK 230 -0.076 0.076 —~0.40 0.797 -0.32 =0.02
-COOKRDC 230 -0.075 0.075 3.70 0.797 295 0.22
ATHENIA1 138 -}0.074 0.074 13.70 0.781 10.70- 0.79
ESTRUTH 138 -0.074 0.074 15.60 0.757 11.81 - 0.87
HINCHAV 230 —0.074 0.074 14.60 0.797 11.64 0.86
MAYWOOD 230 -0.074 0.074 26.90 0.797 21.44 1.59
BELLVLLE 230 -0.073 0.073 5.80 0.741 4.30 0.31
KINGLND 1 -0.072 0.072 3.05 -0.797 243 0.18
N.MILFRD 230 ~0.072 0.072 12.10 0.797 9.64 0.69
KULLRRD 138 -0.071 0.071 4.10 0.797 3.27 0.23
ATHENIA3 138 -0.071 0.071 13.70 0.781 10.70 0.76
FAIRLAWN 138 -0.070 0.070 8.10 0.761 6.16 043
HILLSDLE 230 -0.070 0.070 2.90 0.797 231 0.16
LEONIAT 230 -0.070 0.070 29.00 0.797 23.11 1.62
NJTMDW 230 —0.069 0.069 6.40 0.797 5.10 0.35
PENHRNY 230 —~0.068 10.068 13.20 0.797 10.52 0.72
W.CALDG 138 ~0.068 0.068 10.80 0.797 8.61 0.59
BERGEN 230 ~—0.068 0.068 17.90 0.717 12.83 0.87
HAWTHORN 230 -0.068 0.068 5.80 0.797 4.62 0.31
BERGEN 138 ~0.067 0.067 65.60 -0.717 47.04 315
PENHRNX 230 -0.067 0.067 13.20 0.797 10.52 0.70
N:BERGN 1 -0.067 0.067 8.55 0.797 - 6.81 0.46
- KINGLND 1 —0.067 0.067- 3.05 0.797 243 0.16
NEWPORT2 230 -0.067 0.067 74.20 0.797 59.14 3.96
"N.BERGN 1 ~0.067 0.067 8.55 0.797 6.81 0.46
HOBOKEN 1 -0.067 0.067 18.70 0.797 14.90 1.00
HOMSTDE 138 - ~0.067 0.067 15.60 0.797 12.43 0.83
MARION1 138 -0.066 0.066 11.70 0.781 9.14 0.60
TURNPKG 138 ~0.066 0.066 3.10 0.797 - 247 0.16
LRLMDT 138 ~0.065 0.065 12.45 0.797 9.92 0.64
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Iilustration of PSE&G Method for Determining a Transmission Project’s Cost
Per Kilowatt of Contributing Load Growth
Upgrade of Branchburg—Bridgewater 230—-kV Circuit Project

"MARLTON1 230

0.011

nera

13.39

1992~-2002 - Substation Coincident  Contribution To
Station ~~ ToSystem  Substation Branchburg-
Generation Load Load Coincidence Load -Bridgewater
Bus Name DFAX DFAX Growth __Factor Growth Line Flow
o MW) ' ——m=e= (MW) — e

=(1) , (3)x(4) 2)x(5)

(&) @ 3 O} ® (6)

JERSEY C 1 ~0.064 0.064 3.80 0.757 2.88 0.18
HOMSTDF 138 —0.064 0.064 3.70 0.797 2.95 0.19
WALDWICK 230 ~0.063 0.063 11.00 0.797 8.77 0.55
COOKRDD 138 ~0.062 0.062 3.90 0.797 3.11 0.19
TURNPKD 138 -0.062 0.062 3.10 0.797 2.47 0.15
“W.CALDD 138 - -0.062 0.062 10.50 0.797 8.37 0.52
W.ORANGE 138 ~0.062 0.062 15.60 0757 11.81 0.73
LRLMDS 138 ~0.062 0.062 12.45 0.797 9.92 ,0.62
MARION3 138 -0.062 0.062 11.70 0.781 9.14 0.57
BAYONNE 138 ~0.060 0.060 20.20 0.733 14.81 . 0.89
"ESSEX = 26 —0.060 0.060 1335 0.761 10.16 0.61
ESSEX 13 ~0.060 0.060 3.40 0.781 2.66 0.16
SPRINGRD 138 —0.058 0.058 8.30 0.797 6.62 0.38
FOUNDRY 138 —-0.058 0.058 6.60 0.797 5.26 0.31
'NEWARK 138 -0.058 0.058 88.20 0.781 68.88 4.00

- PVSC 138 ~0.058 0.058 1.50 0.797 1.20 0.07
" NORTHAV 138 -0.056 0.056 12.80 0.797 10.20 0.57
DORMPL 138 ~0.055 0.055 5.50 0.797 438 0.24
LINDEN3 138 -0.053 0.053 9.75 0.765 7.46 0.40
BAYWY1-4 138 -0.052 0.052 3.53 0.749 2.64 0.14
LINDEN1 138 -0.052 0.052 9.75 0.765 7.46 0.39
-BAYWY5-7 138 —0.050 0.050 3.53 0.749 2.64 0.13
FANWOOD 1 -0.038 0.038 3.70 0.797 2.95 0.11

- NEWDOVR 1 -0.031 0.031 5.70 0.797 454 0.14
. WARINANC 230 ~0.023 10.023 4.40 0.797 351 0.08
MINUEST 1 =0.022 0.022 2.20 0.797 175 0.04
ALDENE 230 ~0.021 0.021 ~2.50 0.717 -1.79 -0.04
"MINUEST 1 ~0.021 0.021 2.20 0.797 1.75 0.04
LUMBRTIN 230 ~0.020 - 0.020 1 24.20 0.797 19.29 0.39
. SEWAREN 230 ~0.018 0.018 19.40 0.797 15.46 0.28
NEWDOVR 1 -0.016 0.016 5.70 0.797 4.54 0.07
CLARKSVL 230 —0.016 0.016 2220 0.797 17.69 0.28
" SEWAREN 138 ~0.015 0.015 10.60 0.717 7.60 0.11
- LAWRENCE 230 -0.014 0.014 109.85 0.751 8250 . 115
_ LAF,WBD 1 -0.014 0.014 9.10 0.797 7.25 0.10
PIER AV 1 -0.013 0.013 6.10 0.797 486 0.06

. PIER AV 1 -0.012 0.012 - 6.10 0.797 4.86 0.06
METUCHNI1 138 ~0.012 0.012 11.80 0.725 8.56 0.10
MDWRDQ 138 ~0.011 0.011 7.60 0.797 6.06 0.07

- MT.LRL 1 -0.011 0.011 19.80 . 0.797 15.78 0.17
- MARLTON2 230 -0.011 0.011 29.20 0.797 2327 0.26
MT.LRL 1 -0.011 0.011 19.80 0.797 15.78 0.17
KUSERA 230 -0.011 0.011 11.70 0.797 9.32 0.10
-0.011 16.80 0.797 0.15
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Illustration of PSE&G Method for Determining a Transmission Project’s Cost
Per Kilowatt of Contributing Load Growth :
Upgrade of Branchburg—Bridgewater 230~kV Circuit Project

1992--2002 Substation. Coincident  Contribution To

. . Station To System Substation Branchburg—
Generation Load ‘Load Coincidence - Load Bridgewater
‘Bus Name DFAX DFAX Growth Factor Growth Line Flow
' ' MW) _ ' e (MW) m e e :
=(1) x4 @x(
¢)) @) ©) ) ©} 6)
LAF, WBD 1 ~0.009 0.009 9.10 0.797 725 0.07
KUSERH 230 - ~0.009 0.009 11.30 0.797 - 901 0.08
"PLAINSBR 138 -0.008 0.008 38.20 0.797 30.45 0.24
TRENTON 138 ~-0.005 0.005 26.55 0.709 18.82 0.09
COLONIAL 138 -0.004 0.004 1.10 0.797 0.88 0.00
CROSWKZ 138 -0.004 0.004 12.65 0.797 10.08 0.04
CROSWKY 138 -0.004 - 0.004 12.65 0.797 10.08 0.04
METUCHN 3 138 —0.003 0.003 11.80 0.725 8.56 -~ 0.03
‘BEAVRBK = 230 —0.003 0.003 15.60 0.797 1243 0.04
DEPTFORD 230 -0.002 0.002 9.70 0.797 7.73 . 0.02
‘BSTLTNY 138 ~0.002 0.002 5.60 0.757 424 0.01
BSTLTNZ 138 —0.002 0.002 5.60 - 0757 4.24 0.01
GLOUCSTR 230 ~-0.002 0.002 14.80 0.755 11.17 0.02
BURLINGT 7 -=0.001 0.001 4.00 0.725 290 0.00
THOROFAR 1 —0.001 0.001 12.70 0.797 10.12 001
MDWRDR 138 -0.001 0.001 7.60 0.797 6.06 0.01
LEVITNI 138 0.000 0.000 8.70 0.797 ' '6.93 0.00
CUTHBERT 138 = 0.001 -0.001 14.50 0.797 -11.56 -0.01
~CINNT 138 0.001 ~0.001 9.30 0.797 7.41 ~0.01
HOEGANES 13 0.001 -0.001 -3.20 0.797 ~2.55 0.00
LEVINTNJ 138 0.001 . —0.001 11.80 0.797 9.40 -0.01
CAMDEN 138 0.001 ~-0.001 '16.00 0.725 11.60 =0.01
CINNJ 138 0.001 -0.001 9.30 -0.797 741 -0.01
DEYFORN 138 0.002 —0.002 5170 0.797 41.20 -0.08
CAMDEN 230 0.003 -0.003 1480 - 0773 11.44 ~0.03
BRUNSWCK 138 0.008 -0.008 18.01 0.717 - 1291 -0.10
BRUNSWCK 230 - 0.025 -0.025 53.10 0.793 42.11 -1.05
ADAMBNX 230 0.035 -0.035 15.60 0.797 12.43 -0.44
SUNNYMY ' 230 0.100 -0.100 6.35 0.797 5.06 —0.51
TOTAL 1233.61 68.28
RESULTS

(A) Branchburg—Bridgewater Circuit Upgrade Capital Expenditure (1994 $000): 36,200

(B) Ten—Year Added Flow on B~B Circuit (MW): 68.28 .
(C) Average Cost per kW of Contributing Coincident Load Growth (1994 Dollars) (A)/(B) $90.80

Source: Based on exhibits in Robert Stack, "An Area—Specific Transmission Marginal Costing
Methodology," PSE&G, presented at the NERA Marginal Cost Working Group
~ meeting in Portland,; Maine, October 1993,
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Table 3
Page 1 of 4

Illustration of PSE&G’s Method for Determining Marginal
Area Transmxssnon Investment Associated With a Particular Project
Upgrade of Branchburg—Bndgewater 230-kV Clrcmt

HAWTHORN

Coincident Contribution to Load -
Substation Branchburg— Weighted Area

_ Load’ Bridgewater Area Load Marginal Investment

Bus Name Growth __. Line Flow DFAX - _(due to B—B project)

e MW) ~—— = (19948 / kW of Load

: ' Growth at Substation)

2)/(1) "~ (3)x$90.801
) @ ) “@
‘SUNNYM C 230 5.06 3.78.
SOMRVLLE 230 19.21 11.76
BRIDGWTR 230 ~0.65 =0.35
L.NELSN 1 6.62 ' 244
'GREENBK 1 3.03 1.05
KILMER1 230 17.53 5.98
KILMER W 230 9.48 2.18
L.NELSN 1 6.62 1.48
GREENBK 1 3.03 0.64
SUBTOTAL 69.92 28.94 0414 $37.58
. BRUNSWCK 138 © 1291 -0.10
BRUNSWCK 230 42.11 -1.05
ADAMBN X 230 12.43 ~0.44
_SUNNYMY 230 5.06 —0.51
SUBTOTAL 72.51 _ -~2.09 -0.029 (32.62)

CDR GV B 230 2.39 0.22
CDRGVF 1 : 2.39 0.20
CLIFIN B 230 203 0.16
CLIFTNX 230 2.03 0.16
JACKSON 1 7.73 0.60
SADDLBRK 230 ~0.32 -0.02
COOKRDC 230 295 022
ATHENIA1 138 10.70 0.79
~ESTRUTH 138 11.81 0.87
HINCH.AV 230 11.64 _ 0.86
MAYWOOD 230 21.44 1.59
BELLVLLE 230 4.30 0.31
KINGLND 1 243 0.18
N.MILFRD 230 9.64 0.69
ATHENIA3 138 1070 0.76
KULLRRD 138 3.27 0.23
HILLSDLE 230 2.31 0.16
LEONIAT. 230 23.11 1.62
FAIRLAWN 138 6.16 0.43
NIT MDW 230 5.10 0.35
230 4.62 - 031
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- Table 3 ,
Page 2 of 4 ‘

Hllustration of PSE&G’s Mcthod for Determining Marginal
Arca Transmission Investment Associated With a Particular Project
Upgrade of Branchburg—Bridgewater 230~kV Circuit

‘Coincident Contribution to Load
Substation Branchburg— Weighted Area
. Load Bridgewater . Areaload . Marginal Investment
. Bus Name Growth . Line Flow DFAX . - _{due to B~B project)
o a0 47 L ——— ‘ (19948 /kW of Load
: v Growth at Substation)
@)/ (3)x$90.801
¢)) (2) 3 )
PENHRNY 230 10.52 0.72
'~ BERGEN -230 12.83 0.87
" W.CALD G 138 8.61 0.59
HOBOKEN 1 14.90 1.00
HOMSTDE 138 12.43 0.83
PENHRNX 230 10.52 0.70
N.BERGN 1 6.81 0.46
N.BERGN 1 . 6.81 0.46
. BERGEN 138 47.04 3.15
" KINGLND 1 243 0.16
NEWPORT2 230 59.14 3.96
MARION 1 138 9.14 0.60
TURNPKG 138 2.47 0.16
LRLMDT 138 9.92 0.64
HOMSTDF 138 2.95 0.19
JERSEYC 1 2.88 0.18
WALDWICK 230 8.77 0.55
W.CALDD 138 8.37 0.52
TURNPKD 138 2.47 0.15
COOKRDD 138 - 3.11 0.19
_ MARION 3 138 9.14 0.57
LRLMDS 138 9.92 0.62
- W.ORANGE 138 11.81 0.73
SUBTOTAL 419.44 28.71 0.068 $6.22

BAYONNE 138 14.81 0.89
ESSEX 13 2.66 0.16
ESSEX - 26 10.16 0.61
SPRINGRD 138 6.62 0.38
FOUNDRY 138 5.26 0.31
- NEWARK 138 68.88 4.00
PVSC 138 1.20 007
‘NORTHAV 138 10.20 0.57
. DORM PL 138 4.38 0.24
LINDEN 3 138 7.46 0.40
BAYWY1-4 138 2.64 0.14
LINDEN1 138 7.46 0.39
BAYWY5~7 138 2.64 0.13
~FANWOOD 1 2.95 0.11
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Illustration of PSE&G’s Mcthod for Determining Marginal
Arca Transmission Investment Associated With a Particular Project
Upgrade of Branchburg-Bridgewater 230—kV Circuit

Coincident Contribution to Load
Substation ~ Branchburg— Weighted Area
v : Load - Bridgewater Area Load Marginal Investment
- Bus Name _Growth Line Flow DFAX (due to B—B project) .
E o ———e e (MW) = e — (19948 / kW of Load
' Growth at Substation)
@)/qQ) (3)x590.801
¢)) (2) @) “4)
NEWDOVR 1 4.54 0.14
ALDENE 230 -1.79 -0.04
WARINANC 230 3.51 ___0.08
SUBTOTAL 153.57 - 8.57 0.056 $5.07
MINUEST 1 1.75 0.04
MINUEST 1 1.75 0.04
"SEWAREN 230 15.46 0.28.
CLARKSVL 230 17.69 0.28
NEWDOVR 1 4.54 0.07
SEWAREN 138 7.60 0.11
LAF,WBD 1 7.25 0.10
" LAF,WBD 1 725 0.07
MDWRDQ 138 6.06 0.07
MDWRDR 138 6.06 0.01
PIER AV 1 4.86 0.06
PIER AV 1 4.86 0.06
~METUCHN1 138 8.56 0.10
~METUCHN3 138 __8.56 0.03 :
SUBTOTAL 102.26 1.31 0.013 %117
MT.LRL . 1 15.78. 0.17
KUSER A 230 9.32 010
MT.LRL 1 15.78 0.17
MARLTON2 230 23.27 0.26
MARLTON1 230 1339 - 0.15
KUSER H 230 9.01 0.08
PLAINSBR 138 30.45 0.24
LAWRENCE 230 82.50 1.15
TRENTON 138 18.82 0.09
COLONIAL 138 0.88 0.00
" CROSWKY 138 10.08 0.04
"CROSWKZ 138 10.08 0.04
BEAVRBK 230 12.43 0.04
LUMBRTN 230 19.29 0.39
. DEPTFORD 230 7.73 - 0.02
‘GLOUCSTR 230 1117 0.02
BSTLTNY 138 4.24 0.01
BSTLTNZ 138 424 0.01
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Table 3

Page 4 of 4

- Illustration of PSE&G’s Method for Dctcrmlnmg Marginal

Arca Transmission Investment Associated With a Particular Project

: Upgradc of Branchburg-—Bndgcwater 230~kV Circuit

Bus Name
THOROFAR 1
* BURLINGT 7
SUBTOTAL
-LEVITN1 138
LEVITNJ 138
CAMDEN 138
CINNJ 138
CINN I 138
CUTHBERT 138
HOEGANES 138
DEYFORN 138
.CAMDEN 230
'SUBTOTAL
Source:

! From Table 2; page 3, Results, line (C).

Coincident Contribution to Load
Substation Branchburg— Weighted Area
Load Bridgewater "~ ArcalLoad Marginal Investment
Growth Line Flow __DFAX (due to B~B project)
mm——— e (MW) = e : (19948 / kW of Load
, Growth at Substation)
@/m (3)x $90.801
¢)) ) 3) )
10.12 " 0.01
2.90 0.00
311.49 3.00 0.010 $0.88
6.93 .0.00
9.40 —0.01
11.60 ~0.01
741 -0.01
7.41 - =-0.01
- 11.56 -0.01
~2.55 0:00
41.20 -0.08
11.44 =0.03
104.41 ~0.16 -0.002 (30.14)

Based on exhibits in Robert Stack, "An Area—Specific Transmlsslon Marginal Costing
Methodology, PSE&G, presented at'the NERA Marginal Cost Working Group:
mcctmg in Portland, Maine, October 1993. See also Table 2.
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NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-32
May 3, 2004

Person Responsible: Hethie S. Parmesano
Page 1 of 1

Information Request TEC-3-32

Please provide a copy of “Standby Rates for Cogenerators and Small Power Producers”
(November 15, 1985).

Response
A copy is provided as Attachment TEC-3-32.



ILLINOIS POWER COMPANY
STANDBY ELECTRIC RATES FOR
COGENERATORS AND SMALL POWER PRODUCERS

-

Prepared by

_ National Economic Research Associates, Inc.

November 1, 1985
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ILLINOIS POWER COMPANY
STANDBY ELECTRIC RATES FOR
COGENERATORS AND SMALL POWER PRODUCERS

EXECUTIVE SUMMARY

I. INTRODUCTION ‘
| By federal and state law, Ilinois Power Company (IP) is requiré_d to
provide'supplemental, backup, maintenance, and interruptible service to Qualf
ifying cogenerators and small power producers on its system. Supplemental
_ power serves on a regular basié the loads that exceed the geheratidn capability
of the facility. Baékup and mainténance service provide temporary power when
the facility. is iriop’erative on an unplanned or planned basis, respectively.
»Interrupti.blle power is not a firm commitment on the utility's part, but service )
- which can be curtailed or halted under specified conditions.
The purpose of this report 1s to revievaP's statutory obligatiohs to
sell eleetricity to qualifying facilities, to diécuss the characteristics of appro-
priate rates charged to qualifying faclhtles, to recommend a method for settmg

those rates, and to provide a sample rate sheet.

II. STATUTORY OBLIGATIONS

Under the Public Utility Regulatory Policies Act of 1978 (PURPA),
utilities are required to sell eleetric energy to qualifying facilities. The rates
. charged must be just, reasonable, in the public interest and not discriminate
against qualifying facilities. The Federal Energy Regulatory Commission (FERC)
regulations implementing this section of PURPA  specify the four types of
- service which must bé offered: ' supplemental, backup, mainfenance and
interruptible. The FERC regulations also provide more detéiled instruction$ on

how rates for these services are to be designed. Rates are not considered
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disci‘iminatory if they are based on accurate data and conéistent systemwide
'cost'ing prineiples applicable to other eustomers with similar load or other c_ost—
related characteristics. Maintenance and backup rates must not be based on the
asSumption that all qualifying facilities will need these services simultaneousl&
or at the time of the system péak and must take into coﬁéideration the degree to
x;vhich maintenance is scheduled during periods advantageous to the utility.

The Illinois state regulations (both in General Order 214 and the new
Nllinois Public Utilities Act) reiterate the provisions that rates charged ’to
qualifying facilities must be just, reasonable, iﬁ the public interest and non-
“discriminatory. Chargeé must be at the‘ utility’s.reg‘ular rates unless the ldads or
‘other cost characteristics of the qualifying facilities justify different charges, If
different charges are.developed, customers who are not qualifying facilities but
ﬁave siniﬁar' loads must be aﬂowed to take service under those charges. All
~ special rates must bé épproved by fhe Commission, but separate contracts can be

negotiafed.

. SUPP-LEMENTAL. SERVICE

Supplemental service is taken on a regular basis because the qualify-
.mg faclhty's electrical output is insufficient to meet its full electrical
requirements. For most qualifying facilities, the load characterist_ics of
supplemental service will be similar to loads of nongenerating customers.
‘ Thérefore, we recommend that supplemental service be provided under the
regular IP rate sche_duie for which the qual'_ifyin'g faeility is eligible, given the
characteristies of its supplemental load. If it turns out that supplemental
service‘ for some qualifying facilities is very intermittent in nature, it méy be

appropriate to specify new eligibility requirements for the regular rates, and

nera
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charge custemers not meeting those requirements (whether they are qualifying

facilities or not) under the standby rate.

IV. INTERRUPTIBLE SERVICE

If qualifying facilities take supplemental service under the large
power rate, Sérvice Classification 21 (S.C. 21), they will be eligible for Rider S
- for interruptible service, This prov151on will fulfﬂl IP's. obhgatlon to offer

mterruptlble service to qualeymg facilities.

V. STANDBY SERVICE

We refer jointly to meintenance andv backup service as standby
service. Since loads under both types of service will be intermiftent, it is
appropriate to charge for both under the same rate sehedule. |

Appropriate stendby rates have the follo‘.ving cﬁaracteriStics:

1. A nondiscriminatory cost basis. Since IP's regular rates are based on
marginal costs, standby rates should be too.

2. Time—differentietio'n. ’.The intermittent nature of standby service
makes it especially importaﬁt to chai'ge for the service based on time of _uSe.

3. Requlred Facxhtles. The first level of the system used by a standby
customer (for example the subtransmission system for a customer served at
subtransmission voltage) must be sized to handle the customer's maximum
_expected load, e“)en if no.standby service is ever used. To compensate the utility
for having these facilities in place, a monthly "required facilities” eharge io be
paid regardless of usage is necessary. _

4. Voltage Differeptiatidn. If qualifying facilities take service at
different voltages, the standby rates should reflect the cost differences, to the

extent that IP's regular rates do.

ner
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5.  Degree of Firmness. If stahdby service is offered on an interruptible
basis, the charges should reflect cost savings to IP, |

6. Rate Switching. Eligibility for mterruptlble options should be
designed so that customers cannot switch rat&s to take advantage of temporary
| situations, i in which mterruptlons are unhkely, if the interruptible rates are based
‘on a longer-term capaclty outlook.

7. Customer D1vers1ty. The standby rates should recognize the degree
to whlch standby loads are likely to be 1mposed simultaneously and the times
- when capaclty is likely to be strained.

' We recommend that IP offer a sing_le standby rate .based on the
S.C. 21 rate. Because there is no experience on which to base a marginal cost
study of standby loads, it is not now possible to develop a rate for standby
service using the methodology'emplbyed fc;lj other classes of éervice.' However, a
. reasonable assumption is that Standby customers taking service in a given month
will impose capacity costs that vary depending upon the standby cﬁstomer’s on-
peak load factor for the’ m’ontﬁ. A standby customer having an on-peak load
factor that is only one-half of the S.C. 21 class on-peak load factor is less likely
to be using the system at the time of the monthly peak-than a typical S.C. 21
cusfomer. Thus, a discount from the S.C. 21 rate, based on the custpmer’s
relative on—péak load factor, is a reasonable basis for a stand-by demand charge.

| Our specific recomméndations for the désign of the standby rate (for‘
a Subtransmission ;:u_stomer) based on the S.C. 21 rate are as follows:

1. Charge the normal customer (facilitids‘) charg'e which covers the

. eosts of .metering equipment, billing and other administrative costé.(urlle$ these

~ costs are already being recovered in the charges for supblem ental service).

nera
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2.  Charge the normal time-differentiated energy charges, adjusted for
the_ $0.0025 per kilowatt—hour adder that was moved from summer demand
charges for bill stability reasons and because of the characteristics of the
. 8.C. 21 custémer loads.

3. Institute a "réq’uired facilities" charge which recovers on a monthly
basis, regardléss of usage, the annual marginal cost of subtransmission facilities
(brimary facilities for a primary customer) needed to cover the customer's
standby capacity. The marginal costs would be adjusted by ‘the same ratio that
marginal demand r_evenués for the S.C. 21 class were adjusted in setting the
S.C. 21 rate.. |

4.  Adjust the S.C. 21 demand charge as follows: remove the effect of .
the winter ratchet because standby customers will héve intermitténf loads and -
may not be using power in all months; puf back onto summer demand cha’:g&s the
. effect of the $.0025 per kilowatt-hour revenue shif t; adjust‘the winter demand
charge to account for the discount to be givenvfor scﬁeduling' rhaintenance in
low-cost months; and removev the subtransmission (or primary) component
because these costs are being collected in the required f acﬂiti&s charge.

5. Apply to the adjusted S.C. 21 demand charge a.load factor adjust-
ment equal to the ~ré_ﬁo' of the customer's on-peak load factor for the month to
the S.C. 21 class on-peak load factor.

| 6. Give a 50-percent discount on the demand charge for ‘main'.cenanceh
~ power ﬁsedin'the two low-cost winter months designated by IP.
These recommendations have been converted into a sample rate sheet

‘which is included as Exhibit A.
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VI. CONCLUSIONS

The recommended rates cbmply with IP's statutory obligations, are
feasible to implement, and regéognize that to date there is very little information-
about _the characteristics of the loads likely to be imposed by qualifyihg
facilities. By providing a standard standby rate based on the load characteristics
~ of the S.C. 21 eclass with an édjustment to demand charges for qualifying
facilities with on-peak load factors different f,fom the S.C. 21 class average, IP
will be offering nondiseriminatory rateé while gathering the inform’ation on
standby load characteristies Ip needs to prepare more rigorous cost studies of

standby service.
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ILLINOIS POWER COMPANY
STANDBY ELECTRIC RATES FOR
COGENERATORS AND SMALL POWER PRODUCERS

. INTRODUCTION

By federal and state law, Dllinois Power Company (IP) is required to
prov1de supplemental backup, maintenance, and interruptible service to qualify-
ing cogenerators and small power producers on its system. Supplemental power
serves on a regﬁlar basis the loads that exceed the generation capability of the
facility. Backup and mamtenance service prov1de temporary power when the
. faclhty is inoperative on an unplanned or planned basis, respectively.
Interruptible power is not a firm commitment on the utility's part, but service
which cén be curtailed or halted under specified conditions.

The purpose of this report is to review IP's statutory obligations to
sell electricity to qualifying facilities, to diseuss the characteristics of appro-'
~ priate rates charged to qualifying facilities, to recommend a method for setting

those rates, and to provide a sample rate sheet.

I.. STATUTORY OBLIGATIONS |

Section 210 of the Public Utility Regulatory Policies Act of 1978
(PURPA) requires the Federal Energy Regulatory Commission (FERC) to pre-
s,ci'ibe rules which require electric. utilitieé to sell electric energy to qualifying
cogenex;ators and small power pro'ducers.1 PURPA stated that the rates utilities

charged qualifying facilities "(1) shall be just and reasonable and in the public

1 The -definition of qualifying facility, largely a matter of the vintage of the

project and the technology used, was set by FERC.
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interest, and (2) shall not discriminate against the qualifying cogenerators or
qualifying small power producers."2
The FERC regulations implementing PURPA Section 210 provide
guidance on the meaning of diserimination with respect to qualifying facilities:
"Rates for sales which are based on accurate data and consistent systemwide
. costing principles shall not be considered to discriminate against any qualifying
facility to the extent that such rates apply to the utility's other customers with
similar load or other cost-related characteristics."3 The FERC 'regulation's also
require that rates for sales of maintenance and backup power must not be based
on the assumption that all qualifying facilities will need these services simul-
taheously or at the time of the system peak (unless supported by factual data)
and must take into account the degree to which maintenance is scheduled during
periods advantageous to the utility.4
' The State of Mlinois has imposed obligations on IP similar to the
-federal regulations. According to General Order 214:
k) (1) The utility shall offfr to provide maintenance,
supplemental and [backup] ° power to the qualifying
facility. The utility shall offer to provide interruptible
power if a standard rate schedule for interruptible power
has been approved by the Commission. Charges for
interruptible power, maintenance power, [backup] power .
and supplemental power imposed on the qualifying facility
for electricity or reserve capability furnished. by the

utility shall be at the utility's standard rates, unless the
load or other cost characteristies related to the provision

2 PURPA, Section 210(c).
3 FERC Order 69, 18 CFR Part 292.305(a)(2).
Ibid., Part 202.305(c).

General Order 214 uses the term standby instead of backup. However, we
have used the term backup to be consistent with the federal terminology. . We
use the term standby to refer to both backup and maintenance service.
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of such services justifies different charges. Any such
different charges for the provision of such services must
be approved by the Commission and shall be applicable to
all jurisdictional customers without regard to whether or
not they operate qualified facilities hereunder.
(2) Nothing in this subsection (k) shall limit the authority
of a utility and qualifying facility to agree to any rate or
.terms or conditions relating to éhe provision of
interru?tible, maintenance, [backup],’ and supplemental
power. '
HOI. SUPPLEMENTAL SERVICE
No special rates for supplemental service are generally necessary.
The degreé to which the qualifying facility needs to rely on the utility to supply
the electr'icity it cannot provide with its own generation equipment can be
determined. The customer can then be assigned to the regular customer class
- appropriate for a customer of this size and characteristics. In the event that

,_supplemen_tai loads of some customers are very intermittent, it may be necessary

to charge for their supplemental use under the standby rate.

IV. CHARACTERISTICS OF APPROPRIATE STANDBY RATES |

In addition to the requirements‘ imposed by federal and state -
regplations, there are technical, economic and- equity factors which dictate the
characteristics of appropriate standby rates. In the paragréphs below we will'
examine these important characteristics.

A. Nondiscerimination

It is clear from the federal and state regulations that rates for

qualifying facilities can differ from rates chérge_d to customers in the class to

See footnote 5.

7 llinois Administrative Code, Title 83: Chapter I: Subchapter c: Part 430.
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which the qualifying facilities would otherwise belong only to the extent that
those differences can be cost justified. The extreme uncertainty associated
with needs for maintenance and backup service and the intermittent nafure of
the service suggest that there are distinet differences between the costs of
serving regular customers and the costs of servmg customers with their own
generating facilities. - The key to development of appropriate rates for
qualifying facilities is to quantify those cost differences.

Rates charged qualifying facilities will be nondiscriminatory if they
bear the same relationship to the cost of serving these customers that the rates
for regular customers bear to the costs of supplying their eleetrical needs. For
‘example, if rates for industrial customers are below marginal cost, then rates for
-qualifying faecilities should be below marginal cost -to the same degree. By the
same token, if industrial rates are above short-run marginal costs because the
utility has just added new capacity and hae ample reserves but a high revenue
requirement, unless there is some other cost justification it would be diserim-
inatory to charge qualifying facilities only short-run marginal costs without
asking them to pick up their share of the added revenue requirement.

B. Time-Differentiation

The most efficient and equitable way to prlce standby service is to
develop rates which vary by season and time of day. While regular industrial
customers have loads which are normally very consistent across time, or at least
fairly predictable to the extent that they do vary, standby serviee is highly
unpredictable and erratic. A qualifying facility whrch uses stahdby power only
“‘in the off-peak hours imposes very different costs on the utility from those
impoéed by a facility which needs its maximum standby deliveries at the time of

the system peak.
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To take into consideration a qualifying facility's willingness to
_schedule its maintenance at a time that is most useful f§r the utility, it may be
abprdpriate to provide even more seasonal differentiation in standby rates than
in regular industrial rates. For example, IP's industrial rates are differentiated
.ir;to two seasons, a four-month summer period and an eight—mbnth wfinter
period. However, within those major periods there may be a month or two in
which IP's reserve margins are greatest. By splitting the year into more than
two seasonal periods, the charges for maintenance power would refleet the
benefits to IP from coordinated scheduling of maintenance and would give the
qualifying facilities the incentive to ‘coordinate.
- There may be small customers for 'whom‘ time-of-use metering is not
cost effective. Alternative, nontime—differentiatéd standby rates would have to
be devéloped for these customers, based on _estim.ates (and historical experience,

as it is gained) of the time patterns of their use of standby service.

C.‘ Required Facilities -

~ Even if a qualifying facility nevei‘ uses' standby service, the utility
must maintain facilities to make possible the service should the ﬁeed arise for
it. Metering' equipment clearly must be in place to determine whéther or not
service was taken. Certain other facilities will be required to conneet the
customer to the utility system and _will vary depending on the size of the
customer and the voltage level at which it takes service. Distribution,
trénsmission and generation capacity will also probably be required to provide
reliable standb& serviée. |

D. Voltage Diffei'entiation

The facilities used and losses incurred to supply a given customer

depend upon the voltage level of service. A qualifying facility served at
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- transmission level voltage is less costly to serve than a customer taking service
at subtransﬁxission or primary voltage,‘all else being equal. To the extent that
the utility's regular customers are charged on the basis of voltage level of
delivery, standby rates should be sitﬁilarly differentiated.

E. Degree of Firmness

A qualifying facility willing to accept interruptible standby service
generally imposes fewer costs on the utility than one which needs firm service.
(The exception would be the case where the ut'ility"s situation was such that it
did not need to interrupt standby service in order to avoid capacityvaddit'ions or
to reduce energy costs.) To the extent that interruptible service is provided to
regular customers, the Illinois regulations require that interruptible service be
provided to quaﬁfying facilities as well, Discounts based on the same principlés
used to develop the regular in‘texjruptible riders should be used to set intér-
ruptible rates for qualifying facilities.
| IP does have standard intérruptible. riders to its industrial ratés.
Therefore, under the terms of General Order 214, the company is obligated to
offer intérrup_tible service to qualifying facilities as well.

F.  Priority of Service

Any interrupt_ible rate offered to qualifying facilities should make_
clear to these customgrs where their loads stand in relation to other loads. Who
_is interrupted first when a condftion triggering the need for curtailments is
encountered? |

G. Rate Switeching

A utility offering interruptible service in a time when interruptions -
are rare may find that the service is very popular until the need for more

frequent interruptions occurs. Eligibility requirements and terms of service
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should be designed so that customers do not take advantage of discounts in
interruptible rates based on the long-run benefits of having a portion of the
- utility's load controllable, but switch to firm rates when interruptions become
hkely. This cautlonary note apphes to regular as well as qualifying facility
Jnterruptlble rates.

H. Customer Diversity

The cost of supplying standby service will vary as the diversity of
customers seeking that service increases. For example, the utility is more likely
to have to add generation and transmission capacity to provide standby service
to a single new 100-megawatt standby customer than to 10 lo-megawatt
customers. The chances of havmg to supply 100 megawatts of standby power at
a time when the system is stram.ed is much more likely in the first case than in
the second. Standby chafges sho_uld take ttlis degree of diversity into
consideration. However, it is not simply the number or size of customers which
affeets divefsity. If all standby customers are in the same industry, all use the
same fuel, and all have the same type of cogeneration equipment, the fact that
there are ten of them instead of one may not have a tremendous effect on the
diversity-of their standby needs (Of course the forced outages, which would
tend to oceur . randomly, would be spread out more in the case of more
customers.) '

" L. .Power Factor Adjustment

As in rates for other large customers, it is impqrtaht to include in.- the
rates for standby eltstomers a requireniertt. to maintain power factor within
acceptable limits. A poor power 'factor imposes costs on the utility which must
be paid for by the customer eausing' them to be incurr’ed, or spread to other

customers.
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' V. COSTS OF STANDBY SERVICE

There are three types of costs incurred in providing standby service
to qualifying faclhtles These are customer costs, energy costs and capacity
costs (dlstrlbutlon, subtransmission, transmlssmn and generatmn) Each of these
costs is properly evaluated at the margin. In addition there may be short-run
financial losses imposed on the utili-ty'and its regular ratepayers because standby
customers are no longer taking full electrical service. |

A. Customer Costs

Even if e standoy customer rarely takes service, the utility must
install and maintain metering equipment as well as incur administrative costs
associated .with metering reading, billing, . customer service and customer
information. For customers served at distribution voltage, there is also the cost
of minimum distribution facilities necessary to connect the customer to the
utlhty system. Each of these costs is the responsmllxty of the standby customer.

B. - Energz Costs A

When a standby customer takes service, the utility incurs. merginal
energy costs, _ including incremental energy. losses, for each kilowatt-hour
actually used. These costs ve.ry depending on the time the energy is taken, and
on the voltage level of delivery.

C. Capaclty Costs

The amount of distribution, subtransmission, transmission and gen-
eration capacity a utility must install and maintain to provide standby service
' depends on the voltage level of serviee, the pattern of_ firm load on various parts
| of the system, the maximum potential demands by standby customers, and the
| timing of those demands. If the utility could predict the patterns of demands by

its standby customers, it could develop preeise estimates of the added
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generation, transmission and diétribution reserves needed to maintain reliable
service for all customers. The probablhstlc nature of the standby loads would
just be an additional element of uncertainty in a planning process which has to
deal wzth customer loads and capacity availability which are not known with
certainty. For example, just as the utility has to provide extra capacity to allow
for the possibility thaf som'e.of its g‘eneratihg units will be unavailablé af ahy
given time, the addition of uncertain standby loads will increase reserve
requirements, ‘Granted the utility has years of experience prédicting load
fluctuations, generator forced outage rates, transmxssmn and dlstmbutxon
equ1pment failure rates, ete. Most utilities have little or no idea what the
demands of their potential standby customers will be.

‘The capacity cost of providing standby service is a function of the
probabilities that demands will oceur at times when theré is inadéquate capac.ity
to supply them. If the load factor of customer loads on a given portion of the
utility system is high, the addition of random standby loads is more likely to -
require capacity additions than would be the case if existing customers! loads had
a low load factor. In the second case there would be many hours when the
existing capacity would be adequate to handle the added standby loads.

1.  Distribution Costs

Most cogenefators are connécted to the utility system | at sub-
trahsmission or transmission voltage. However, in the event that smaller
- qualifying facilities may request standby s_erv_ice, it 1s appropriate to mention the
* distribution costs incurred to supply distributionflével standby sei'vicé.
| There is so little diversity oﬁ secondary facilities that IP treafs the
marginal costs of secondary facilities as being independent of the fime period of A

a customer's use. That is, the facilities have to be sized to handle individual
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customer's peak logds, no mattér whep they oceur. Similarly, standby customers
cause the addition of secohdary distribution capacity (provided they take service
a secondary voltage) equal to their maximum potential loads, whether they ever
take standby serviece or not. | '

There is often more diversity at the primary distribution level.
Th‘erefore,v the additional capacity needed to ensure reliable Standby service
without denigrating the qualiiy of service to other customers depends. on the
timing of standby loads and peak demands on the primary facilities.8 Using a
probabilistic analysis, if sufficient data are available, the utility can determine
the likelihood that standby loads will coiﬁcide with peak demands on the primary
system and can maintain “enough capacity to keep reliability at an adequate
" level. The amount of extfa cép’écit'y needed times the marginal cost of primary
diStributipn capacity is a cost of stﬁndby service. |

2.  Subtransmission Costs

Customers connected .to the utility’s system at subtransmission
voltage often have a substation dedicated to them. If nof, their maximum load is
generally a key factor in the sizing of the substation that does serve them. For
these iarge customers, there is simply not enough divefsity on the local
subtransmission system to accommodate their maximum potential load without.
specifically providing that amount of sub_tfahsfnission capacity. Sténdby
customers served at subtransmission voltage are thus responsible for the
marginal costs of sixbiransm,ission capacity adequate to.handle their highest

potential demand for standby service.

8 A customer served at primary voltage is likely to contribute a significant
- portion of the total load on the local primary facilities. Thus, that
customer's maximum load will generally play an important role in the sizing
of those facilities, much as is the ecase for secondary customers' loads on
. secondary facilities. ' -
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Distribution ievel customers use subtransmission facilities, but
generally share them with many other customers. Thus the divefsity of loads
provides a cushion of capacity. It is likely that sfandby demands by these
customers can be accommodated without adding subtransmission capacity equal
to the maximum potential demand they could exert on the system. For examplé,
if there is a randdm pattern of standby demands and a probability that ‘standby
service would bevrequired for only five percent of the hours in a year, then the -
expected standby load at the time of the peak. on a portion of the subtrans-
mission system is only 5 percént of the maximum potential standby load. The
‘actual amount of capacity that would have to be maintai_ned for standby service
would depend on the utility's reserve criteria for subtransmission faciliﬁes.

3. Transmission Costs

Standby cﬁstor’i)ers taking service at transmission voltage may require
_ special equipment to connect them to the trans_mi.ésion grid. The costs of these
fagilities should be considered customer costs for the spécific customer, Unlike
: servicé at lower voitages, thé main transmission grid is sized to handle the
diversified loads of a large number of customers. Transmission capacity
necessary to provide standby service will, once again, depend on the probability
that standby service will be required at the times when tpénsmission capacity is
strained and on the size of those potential standby loads. The best measure of
costs incurred to serve standby lqads is the time-differentiated marginal cost of
*tx‘ansmissi_on capacity times the expgctea standby load in each costing period.

4, Generation Capacity Costs

The g_eheration capacity costs incurred to serve standby customers |
cén be determined in the same wéy as transmission capaéity costs. The need for
capacity to serve standby customers depends on the expected loads of thbose

‘customers at the times that generation capacity is strained.
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D.  Utility and Ratepayer Losses

In addition to the three types of costs identified above, there is a
fourth element of cost aésociated with providing standby service. If, by
providing standby service, a utility makes it feaéible for an existing customer to
build and operate generation éapacity to supply a portion of its own electrical
needs, the utility has lost the re?enues it would have used to offset fixed costs
incurred to serve that customer. Until loads expand _toA take up the slack caused
by the lost load, the ufilifty's, remaiﬁing ratepayers (or perhaps stockholders) will
- have to pick up those fixed costs. .Thus, there is a loss associated with supplying
backup service that is equal to the difference between the revenue lost and the
reduction in éosts attributable to the lo$s of an existing customer. In the case of
IP these losses consist of both electric and gas revenues. '

In addition to céusing losses for the utiiity and its regular ratepayers,
a customer's decision to self generate can have economic costs too. Consider
the case where the utiiity has sufficient capacity to sérve the potential
cogenerator, but is charging rates thaf are higher than marginal costs, for
whatever reason. A customer may decide to cogénerat-e. because cogenerated
power is cheaper than buying from the utﬂity, when in fact from society's point
of view it is cheaper to sul;ply the cusiomer's electrical néeds with the utility's
‘existing capacity. In this casé, ailowing the customer to cogenerate is
inefficient because it results in an increase in the total cost of electricity
supply. |

| It is not the provision of standby service whieh is causing the losses
to the utility and its ratepayers and the potential sacrifice of efficiency, but the .
: underlying relationship bet_Ween the utilify's marginal éosts, the utility's rates

and the cost of cogenerated power. Instead of trying to solve the problem with
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. standby rates, a better alternative is to consider the feasibility of designing
rates ‘for customers with very elastic demands for electricity (those with the
potenﬁal to supply their own elec'tric.al' needs) which make leaving the system
less attractive, while making the other ratepayers better off than théy would

have been if the elastic customers had decided to self generate.

VI. PRICIN G STANDBY SERVICE
A. Cost_ Basié
The first pridrity in setting standby rates should be to make them as
close as possible to the marginal cost 'Qf providing the service. However, federal
and state regulations require that rates for sales to _qualifying' facilities be
nondiscriminatory. This may mean 'that if regular retail rates deviate from
marginal costs, standby rates should also. It would be discriminatory to charge
' standby customers marginal costs if jreve_nué reQuirerﬁeﬁts were such that regular
retail rates exceeded marginal costs. Likewise, standby customeré should have
the advantage of rates below margiﬁal éosts if other customers do. |
An example of possibly justified discrimination is the case where
discounted standby rates make it feasible fof a qualifying facility to cogenerate
and reduce the utility's loads during a period when the utility's costs are
particularly high, perhaps because generation requirements were underestimated
and the utility is'having' to purchése expensive short-term emergency‘ power. In
this case, providing d’iscounted standby power and fhereby ‘encouraging cogen-
era.tion development might be a cheaper way to obtain capacity and energy than
buying it from another utility. The beneficiariwiwould be the utility'sf regular

ratepayers.
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B.  Alternative Pricing Arrangements

1.  Caleulate the Marginal Cost of Standby Service and Adjust as
Regular Rates Have Been Adjusted

If the utility has adequate information about the standby loads
imposed on it, it can éalculaté the marginai cost of standby service just as it
calculates the marginal cost of serviece for other classes of customers. ‘Using the
ruie that standby customeré should pay rates which reflect marginal costs to the
same extent as customers in the class to which they would otherwise belong, the
utility can then develop rates based on those marginal costs. A

First, standby customers should generally pay the same énergy
charges as éustomers in the class to which they would otherwise belong. If that
class has no demand charge and capacity costs are rolled iﬂto the energy charge,
then the rolled in portion should be segregated and compared to margin;ll
capacity costs in a later step of the process. If, as is the case for IP, certain
capacity costs have been rolled into the energy charge as an intraclass bill
stabiliéation meelsure,9 the energy charges should be normalized (recalculated
without the adjﬁstment) because the standby customeis are no longer members
of that class and the rationale for the adjtistment does not apply t§ them. To the
extent that customer charges for this class differ from marginal customer costs,
standby customer chargesv should be adjusted proportionately. ‘A caleulation
: shouid.' then be made for the regular class to determine what pei'centage of
lﬂarginal capacity costs ére collecte_d- in normalized demand charges (or are

rolled into energy charges). Marginal capacity costs for the standby class,

9 IP has an extra 0.25 cents per kilowatt-hour which was moved from the

demand charges to the energy charges for large general service customers.
The adjustment was made to keep low load factor customers within the class
from having very large bill increases when the rates changed. Bary curves
for the class also justified the adjustment. ‘
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including the cost of specific facilities identified as being installed for these
customers, can then be adjusted by the same factor.

In order to make the ealcmation of standby class marginal costs,
detailed information about the standby loads must be available. Particularly
with respect to capaecity costs, it is unlikely that the utility will have enough
information about the level and time pattern of standby loads _to-calculate these
cosfs accurately. As a result, it will probably be necessary to develop
alternative pricing arrangements that could serve as reasonable proxies for the
more precise_prices tnat cannot be calculated.

2. Charge Standby Cus'_tomers the Regular Rates

An alternative which has intui‘ti\ie appeal and practicality is 'to
calculate the marginal cost of the reouired facilities installed for standby
customers, adJust them by the ratlo of capacity charges to marginal costs for the
corresponding regular class, as descrlbed above, and charge standby customers
the customer charge, energy charges, and remaining components of the demand
charges for the corresponding class. For example, a standby customer taking
service at subtransmisvsion. voltage would pay the marginal cost of subtrans-
mission facilities adequate to handle the customer’s maximum potential standby
demand, adjusted by the ratio between charges and marginal capacity costs for =
the corresponding regular class. The standby customer would also pay the'
regular class' customer charge and energy charges, and the' transmission and
' generation component of the regular class’ demand charges in any month m'
~ which energy was taken (no ratchet). 10
'This option is simple and does not require much additional

calculation. It has the advantage of collecting from fhe standby customers the.

10 See Seetion VII.A. for a description of the ratchet.
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appronriate share of the costs» of metering and loecal distribution or subtrans-
rnission facilities that must be in place even if no power is used. If the customer
takes standby service in the summer peak period, it pays the regular summer
rate (adjusted for the ratchet). If all standby service is taken in a low-cost
period, the lower deman_d and energy charges are paid and only the special ,
facilities and customer charges are assessed in the rest of the year. To avoid
dlscrlmmatlon, ehglbxhty for this rate could be expressed in terms of a low load
factor (such as 20 percent) and random patterns of demand rather than limiting
its availability to customers with tneir own generation facilities.
| The disadvantage of this option is that is does not refleet the
possibility that standby customers using power in a summer peak month, for
example, are less l_ikely to need service ali month than a regular eustomer. f‘or
example, 1f standby service in needed only for one week out of the month, the
standby customer would pay the full transmission and generatlon portion of the
regular demand charge, even though the standby customer is less likely than a
customer with a higher load factor to have been usmg power at the time of the
_ monthly peak and at other hxgh load hours when rehablhty is of concern.

Data on maintenance and forced outages on utility-owned generation
equipment indicate that outage t_imes average eonsiderably less than a month.
The larger units have longer average outage times and steam units have much
longer outage times than combustion turbines or diesel units. (See Appendix1.).
However, many of these generating units are not operated the way similar
‘equip‘ment would be used by a cogenerator. Furthermore, outages could be
- caused by the nongenerating portione of the cogenerator's facility. There may be
other factors affecting standby loads, such as strikes or fuel supply problems,

that would result in longer periods of standby service. Unless we have additional
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information about the standby loads, we cannot determine how much less cost
responsibility the‘ standby customers have than -the regular customers.

3. Load Factor Adjustment

Another pbssible_ alternetive is tc have the standby customers
indicate the patterns of loads they expect to place on the utility by subseribing
to a maximum load and maximum load fé_ctor on a monthly or seasonal basis. If
the corresponding class on-peak load facror for July is 60 percent and the
standby customer_subscribes for a July on-peak load factor of 20 percent, a
reascnable minimum demand charge, to be collected regardless of the standby
custeme'r's actual usage, would be one third 'of the standard demand charge (less
the portion of that charge already accounted for in required facilities 'charges)
If the customer exceeded the subscribed maximum demand or load factor, it
would be charged for that month the regular demand charge (less the appropriate
portion already accounted for in required facilities charges) adjusted for its
actual on-peak load factor as a percent of the clasé'. |

Such a rate would be attractive to any customer in the regular class
whose oh-—peak load factor was significantly below the class average. However,
such a rate is justified only for customers whose low on_—peak load faetors are
accompenied' by reudom parterns'cf electricity consumption. A customer with a
20-percent on-peak load factor and loads that coincide exactly with the hours of
highest loss-of-load probability would cause much higher costs to be incurred
than a standby customer with a 20-percent on-;peak load factor and random
patterns of use. To keep customers with nonrandom load patterns from taking
advantage of this rate, eligibility requirements would _hare to be spelled out

carefully,
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Standby customers on this rate would have the incentive to under-
estimat‘e their subscriptién demands and load factors. Using this strategy they
could minimize their fixed (subscription) payments; and if their actual usage
exceeded the subscrip_tion amounts, they would pay only the normal demand
charge. Because the utility only saves by providing standby se_rvice as compared
to regular service if it ean anticipate the standby loads and design the system
accordingly, it is imperative that the util-ify have estimates that are as accurate
as possible of the patterns and levels of standby loads. Consequently, it may be
necessary to impose a penalty of extra charges, above and beyond normal rates,
when standby usage exceeds the éubscription amounts. For example, these
customers could be charged 1. 25 times the normal demand charges.

| This subscrlptlon option has several advantages. First, the utility
would have some indication of the standby loads it could expect and could add
_ capacity based on the subseription demands and load factors—.v Second, to the
extent that standby customers have on~-peak load factors Ioﬁer than the 'c‘lass'
and accurately predict their usage, they benefit from the cost savings of the
utility. |
| A variation'of this subscription service alternative is to dispense with
the subscrlptlon reqmrement and apply the load factor adjustment to all standby

use, If a standby customer's on-peak load factor is half the S.C. 21 class

~ average, the customer pays one-half the demand charge times the monthly

maximum on-peak demand. Conversely, if the standby cust.om,er's on-peak load
factor is 50 percent higher than the S.C. 21 _class average, the customer pays 1.5
‘times the demand éharge times the maximum on—peak demand. This alternative .
has two advantages over the subscribtiOn arrangement: (1) customers have no

incentive to play games with the subseription levels and (2) there is no need to

nera



-19-

develop a cost-based penalty for undersubseribing. The alternative has the
disadvantage that the utility will not have the benefit of the subscription data
for use in planning and operating the system.

4. Serve Standby Loads with Spot Market Energy and Price
Accordingly _ '

Using a vériation of real-time pricing, the utility could charge
standby customers served at subtransmission level, for example, a customer
charge, special facilities charge and transmission charge tied to charges for
customers in the corresponding class. Energy costs could be calculated as
incurred at the margin. If the utility were makihg off-system sales or purchases
at the margin, the transaction price (plus an appropriate adder for administrative
costs in the case of purchases)_would be the energy charge for standby service.
If the utility were not making off-system sales or pufchas&s at the mérgiri, its
own marginal generation costs (plus adder) would be the standby energy charge.
These marginal costs would include any start-up costs incurred to serve the
standby load. In periods when the region had ample capacity, the épot market
pr'ice would be relatively low. In times when the regional capacity situation was
tight, the price would be higher and cduld eveﬁ reach the level of emergency ‘
: purchases.

‘V Under this approach the utility would not have to predict nor
maihtain generation capacity for standby loads. The standby customers would
‘have the incéntive to time their needs for standby power in periods when the
region 'was _m'ost x;eadilj able to supply it. However, the level of reliébility for
- the standby customers would probably be lower than under the other options.
Since the standby customers would not be paying for cap;acity, their loads would
have a low priority of service in the event the utility ran into generation

problems and 4was.unable to buy sufficient emergency power. This option also
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has the disadvantage that it does not provide equal treatment for all customers.
In a period when the region had ample capacity, many customers would be happy
to pay spot market prices rather than the utility's normal rates,

C. Maintenance Service

Standby customers who schedule their planned maintenance for
periods when the utility has ample capacity available can be served at lower cost
than customers iwho schedule their equipment downtime for other periods of the
year. There are two ways to give standby customers the incentive to coordinate
their maintenance power needs with the utility,

: 1.  Increase the Number df Rate Periods

Many utilities, including IP, have two seasonal periods in their time-

differentiated rates. If more seasonal periods are used for standby demand

charges (and perhaps for energy charges as well), the utility .'can signal to standby
Acustomers the mouths ‘withiu the broad seasonal periods when maintenance
should be scheduled. For example, the months of April and November may be
lower cost months from.the. point of view of genera_tion capacity than the other
"'winter" months. Standby demand charges for these months could reflect the
1ower coSts - while still being designed on the same basis as the regular rates for
the correspondmg class. Of course, rates for the other "winter" months would be
~ higher for standby customers because these rates would no longer have the low-
| cost months of for example, April and November averaged in the calculation.

2. Discount Demand Charges for Maintenance Service Scheduled
Within a Window Identified by the Utility '

A simpler but less precise solution is to establish a window within the
summer and/or winter ‘season during which standby customers needing main-
tenance service could schedule their maintenance and receive a discounted

demand charge (other than the charges for required facilities). This approach is
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less precise than the first alternative because the discount will apply to a limited
number of months rather than reflecting marginal cost differences in every
month. However, this second approach is easily implemented and simpler to

administer.

VI. RECOMMENDATIONS FOR ILLINOIS POWER

It appears most realistic to focus on one of the options identified
above for standby rates: regular rates, adjusted for costs collected in the
required facilities charge, with a load factor adjustment provision. Given the
fact that the potential standby customers may not have much more information.
about their standby Ioads than the utility, at least m the early years of their
operétion, it makes sense to defep' the subscription alternative. The adminis-
trative and technical problems of implementing the spot market approach make
it infeasible as a standafd rate option. However, this approach could be
considered as a possibﬂity for individually negotiated contracts with qualifying
facilities. | |

A. Rates for Standby Customers Bésed onS.C. 21

Most standby customers will probably be quite large, with demands of
at leaét 200 kilowatts. Therefore, for illustrative purposes we will use IP's rates
for large power service, servicé élaésification 21 (S.C. 21), as ‘the model for
) stahdby rates based on regular rates. S8.C. 21 is available for customers with
confract.capacity of at least 200 kilowatts. Although the rate is available for
service at secondary, primary, subtransmission or trahsmission. vbltage, our
sample rates will apply only to sfandby- cuStom_ers faking service at primary or
subtransmission voifage, the most likely voltage levels for IP's potential qualify-
ingv facilities. Exhibit B 'provi‘des a summary of the prel_iminary s.C. 21,

scheduled to go-into effect when the Clinton generating unit is at full power.
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The rate includes a fixed monthly customer (facih;ties) charge, seasonally-
differentiated demand charges for on-peak usage with a partial ratchet,
diurnally-differentiated energy chai’ges, a transformation charge for custome‘rs
who db not own their own transformation equipment, and a power factor
adjustment. The energy charges are subject to the fuel cost adjustment. Rider S
allows S.C. 21 customgrs to specify a portion.of' their loads as interruptible and
to receive a discounted demand chargé for the interruptible portion. In hours
when IP's marginal energy costs are high, a charge Qf $0.10' per kilowatt-hour
plus fuel adjustmeAn't is applied to energy use in the interruptible portion of the
customer’s load. .’

Asi outlined in Section VI. above, some adjustments are necessary to
make the regular rates appropriate for use by standby customers. AThe
development of the standby chgrges is shown in Exhibit C. (Page 1 of Exhibit C ‘
applies to subtransmission customers and page 2 applies to primai'y customers.)
Firs_t, while regular customers pay for the subtransmission facilities required to
serve them in monthly installments through their demand charges, the inter-
mittent nature of standby loads means that fhe cost of these facilities must be
recovered in separate "required facilities" charges in order to ensure that the
utility is fully cbmpensateci for the costs it incurs. This first level of the system
used by 'subtransmission standby customers must genefally be sized to handle the
potential peak load of the customer, whether that load is actually irﬁposed in a

_given month or not. As we move away from the customer's ‘meter and toward
the generation portion of the system, there is greafer diversity of loads and a
given custc;mer's peak load has less impact on the sizing of facilities.  For
primary customers it is the primary facility costs wh_icfx are recovered in the

"required facilities charge."
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Second, special adjustments made in the regular rates for intraeclass
equity reasons should be removéd unless they are appropriate for_ standby
customers. An example is IP's conversion of a portion of summer demand costs
toa 0.2'5 cents per kilowatt-hour adder to energy charges.

Third, costs recovered in the required facilities charges for standby
customers must be removed from the regular demand charges. Otherwise, at
1east a portion o.f the cost of subtransmission (or primary) ’facilities would be
collected twice from standby customers.

1.  Required Facilities Charges

For subtransmission level staﬁdby customers, the first level of the
'syétem is the subtransmission system; Thus, the "required facilities" charge
should be a fixed monthly charge that, over the year, recovers the annual costs
of the subtransmission facilities necessary to handle the potential peak load of
. the standby cusfomer (the standby contract'capacity). In keeping with the two
basic requifements for standby rate design—-marginél_ cost basis and consistency
With rates for i'egular customers--we recommend that this charge be calculated
‘as the marginal cost of subtransmission facilities per kilowatt of customer peak
-demand, adjusted for the ratio of forecasted demand revenues (demand band
transformation cﬁarges) to marginal demand revenues for the S.C. 21 eclass.}!
Under the full power rates (those which will be in effect by the time standby
chafg’es are in use) developed in Icompliance with the Illinois Commerce
Cpl;lmiSSion's recent order, thisAratio is 1.19. This means that the marginal cost
of ;ﬁbtransmission facilities. must be increased by 19 percent to make the

required facilities charge for standby customers bear the same relationship to

1 All caleulations for the S.C. 21 class include those customers currently in the
class and exelude the S.C. 11 customers who will be moved to S.C. 21 in the

near future.
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marginal cost as the per kilowatt charges for regular S.C. 21 custdiners, as
shown on line (10) of Exhibit C. A similar adjustment is made to the fnarginalt
cost of primary facilities to develop a required facilities charge for standby
customers Served at prima{ry voltage. These ‘adjustménts should not be con-
sidered a burden on standby customers; they are being treated just as other large
customers are being treated. In years when demand revenues are below marginal
demand revenues for the S.C. 21 class, standby customers will reap the. benefit
of required facilities charges below marginal cost.

2. $0.0025 Adjustment to Energy Coméonent

As discussed abové, the regﬁlar S.C. 21 rate design includes a shift of
summer derﬁand revénues to the energy charges. Because the rationale for this
shift does not apply to standby customers, we recommerid that this shift be
reversed. The result is a reduction iﬁ e‘nergj chaigeé, both on-peak and off-peak,
of $0.0025 per kilowatt-hour.

3.  Ratchet Adjustment to Demand Charges

The S.C. 21 demand charges include a ratchet feéture under ﬁhich
there is essentially as extra $2.50 per kilowatt charge for half of summer.
demand that is collected in the winter months. Since there are twice as many
winter months as summer months (8 vs. 4), the effect of the ratchet is to shift
$2.50 ($2.50%0.5*2) per kilowatt of summer demand to the winter period. This
ratchet is primarily designed as a transition 'step from the former rate structuﬁe
to marginal eost—based, time-differentiated pricing. It is being phased out
gradually. Becéuse standby cﬁstofners may not have demands in winter months,
there is no guarantee that the ratcheted costs could be collected from them._ In
addition, siﬁce the standby raté is entirely new, there is no problem of a.

transition from a previous rate structure. Therefore, it is appropriate to move
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the ratcheted chargés back to the summer peak demand charge. The effe_ct of
' ‘fhis adjustment is shown on line (13) of Exhibit C.

4. Adjustment to Demand Charges for $0.0025 Shift

The next adjustment is to move the effect of the $0.0025 per
kilowatt-hour removed from energy charges back onto the summer peak demand
charge. This is done by calcixlating the shifted revenue as a percént of summer
demand revénues (including ratchet revenues). This percentage giyes us the
- amount by which the. summer demand charge célculated so far should be
increased. (See line (14) of Exhibit C.)

5. Adjustment to Demand Charges for Subtransmission or Primary

The sqbtransmission' facilities costs for subtransmission customers
and primary faciiities costs for primary customers are to be collected in the
_required facilities.chai'gve. The_refore, we need to remove these components from
thé regular demand charge. We recommend that this be accomplished by
referring to the share of marginal subtransmi_ssioﬁ (or primary) revenues in total

marginal demand x'evenues,12

by season. The subtransmission shares amount to
17 and 6 percent of summer and winter marginal demahd revenues, respectively.
For primary revenues the shares are 6 percent .and 0 percent. Thus the
subtransmission-level summer demand charge (adjusted for the ratchet énd the
revenue shift) Wa_s reduced by 17 percent and the winter demand charge by 6
percent. Similar adjustments were made for the pri‘mar-y chafge. | These
adjustments are shown on line (15) of Exhibit C. The rationale for the size Aof the

adjustrhent is that although the adjusted demand charges do not exactly equal

marginal capacity costs, it is reasonable to assume that .each'corhponent of cost

12 Marginal demand revenues are the revenues that would be forthcoming if

demand charges were set equal to marginal costs.
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(generation, transmission, subtransmission and distribution) has been adjusted
proportionally. |

B. Load Factor Adjustment

Subscription staﬁdby rates would be based on the sam'e a,djusfed
regular rates described in the section above. The only difference is in the terms
and conditions applicable to service under the subscripfion rate and the adjust-
ment facfox_' ’used to establish the demand charge applicable when usage exceeds
the subseribed amount. |

Under the subscription option, the standby customer would provide
the utility annﬁélly with the on-peak load factor and maximum standby load for
which it wishes to subscribe each month. The utility would use this subsecription
information in its planning and operating decisiohs, so it is impértant that the
information be given in advance. Because the standby customers will have only
limited experience with their own standby needs at first, they would be allowed
to change their subscriptibn levels once a year.

The standby custorher w.ould.vbe charged for the subseription level of
demand at the regular S.C. 21 standby rate, adjusted by ‘the ratio of the
A customer's subséription on-peak load factor to the S.C. 21 class on-peak load
factor, provided that both the customer's actual maximum demand and on-peak
load factor for the month fell within the subscription level. (There would be no
discount for loads or load factors below the subseription amount, because the
'utility would haire planned and invested to supply the subseription level of

demand.) If the on-peak load factor or the peak demand or both exceed the
subscrfption lévels, the penalty demand charge would be imposed on the actual
peak demand, adjusted by the ratio of the actual on-peak l_oad factor to the

S.C. 21 class on-peak load factor.
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For example, suppose the sténdby customer subsecribes for a peak
demand of 2,000 kilowatts apd an on-peak load factor of 20 percent for the
month of June. The 20-percent load factor is only 40 percent of the S.C. 21
class' on-peak load factor for summer months of 50 peljcent. If the standby
customer's usage in within the subscribed limits, the demand charge for June will
be 40 percent of the regular S.C. 21 demand charge (adjusted) times 2,000
kilowatts. If, instead, the standby customer has peak of 3,000 and a load factor
of 60 percent, the penalty will be invoked. The demand charge will be 3,000
kilowatts times 60/50 of the regular demand charge (as adjusted) tfmes 1.25.

The 25-percént surcharge reflects the fact tha;c IP would be planning
on the basis of the subscr_iptiqn levels. It may have to make erﬁergency
arrangementé for backqp generation or its customers may experience reduced
“service reliability as a 're_sult of the standby customer's failure tovkeep usage
within the subseribed amounts. |

If there is concern about the ability or willingness of standby
customers to subscribe accurately, the load factor adjustment can be apphed to
actual standby usage without requxmng subscriptions. In_ this case, there is no
penalty factor. |

C.v Maintenance Schedulihg Incentives

We propose that maintenance service-vbe provided under thé same
schedule és backup service. Together we refer to them as standby service.
However, there are months within the summer (and especxally the winter) period
when costs are lower than the seasonal average. It is in these months that IP
should encourage standby customers to do their own maintenance _ar_ld impose
their standby loads. One-way to do this is to have standby demand charges which

change monthly. Since this alternative is administratively complicated, a less
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precise, but more feasible way to encourage standby cuétomers to schedule their
maintenance in IP's low cost months is to give a discount on the demand charge
if maintenance is scheduled in a window period identified each year by IP. An
analysis of the relative monthly loss-of-load probabilities (LOLP) fofecasted by
, IP for the next 20 years shows that the months with the lowest and second lowest
LQ‘LPs in the winter have LOLPs that average 32 and 42 percent, respectively,
of the average monthly LOLP in the winter. For the lowest Vmonth in the
summer the figure is 43 percent. (See Appendix II.) This implies that a demand
charge diseount on the order of 50 percent is warranted if the standby customer
schedules maintenance for one of the months identified by IP as fhe maintenance
win,dows.13

Line (16) on Exhibit C shows the'adjustmen’t to the winter demand
charge that is warranted if the 50-percent discount is in: effect for two of the
. winter months. The seasonal demand costs (monthly cost times 8 months) are
divided by seven to reflect the six months of full charges and two months at a
50-percent discount. This adjustment leaves the rate revenue neutral with
respect to the discount for two months.

Unfortunately, it is not always possible for IP to stick to its own
maintenance schedule. As a result, a month identified-as a low cost month may
turn out to be a high cost month because IP has had to shift its own maintenance

schedule. It would be especially beneficial to IP and its ratepayers if standby

customers could shift their own maintenance schedules on relatively short notice

13 The percentages above are based on an analysis of generation capacity cost -
variations only, while the demand charge to which the diseount would apply
recovers both generation and transmission costs. Transmission cost varia-
tions are probably smaller across the months within a season. | This means
that the 50-percent discount is probably generous.
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as IP identified a revised maintenance window. As a reward for this, we propose
that IP consider giving a 100-percent discount for 'maintenance loads shifted in
response to a change in IP's announced maintenance window.

D.  Supplemental Service

We ' propose that supplementgl service for qualifying facilities be
provided under the regular rate for which théir supple'mental servicé character-
‘istics.qualify them. This recommendation is a preliminary one, based on the
assumption that the supplemental loads will havé load factors and characteristies _
which are similar to those of regular customérs. If it turns out that supple-
mental service for some qualifying facilities is very intermittent in nature, it
may be appropriate to specify new qualifications for the regular rates, and assign
customers not meeting those gualifications (whether they are qualifying
facilities or not) tq the standby rate. |

IP is not willing to provide the Rider S discount for standby service.
Rider S is.largely an economic development rate at this time, and is limited in
availability. To keep customers taking their supplemental service under Rider S
of the S.C. 21 rate from effectively getting standby service at the Rider S raté,
it will be necessary to meter both the electrieity production and loads of these
customers. When electficity production falls below the normal level, loads equal
to the difference between the norrﬁal and actual level of production will be
charged at the standby rate, while remaining power taken from the utilfty will be
charged at the Rider S rate. Exhibit D illustrates the loads charged under the

“two rates. We récommend that the costs of the additional metering equipment
required by this arrangement will be collected through a negotiated adminis-

-trative fee; these costs are not specified in the rate itseif_,
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VIIl. SAMPLE TARIFF SHEET
Exhibit A is a sample tariff sheet developed in conjunction with IP
étaff. The tariff sheet reflects our recommended price and nonprice terms and

conditions for standby service.

 HSP:pjl
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ILLINOIS POWER COMPANY Exhibit B
HIGHLIGHTS OF B
PRELIMINARY S.C. 21 RATE (FULL POWER)
(FOR SERVICE AT 34.5KV OR ABOVE)

Summer Winter

Facilities Charge ($/mo) ' $600.00 $600.00
Demand Charge
($/xW of on-peak demand during month) $15.41
(8/kW of on-peak demand during month

up to 50% of summer peak demand) $5.50
($/kW of on-peak demand in excess of

50% of summer peak demand) $3.00
Energy Charge*
(Cents per on-peak kWh) : 4.17 4.17
(Cents per off-peak kWh) 2.87 2.87
Transformation Charge
($/kW of peak demand in last 12 months) $0.50 $0.50

Power Factor Adjustment
(There is an adjustment for lagging power factors)

*Includes estimated test year fuel cost adjustment of 0.57 cents/kWh

Summer = Junme 15 - Sept. 14
Winter = Sept. 15 - June 14

On-Peak = 10 a.m. - 9 p.m., Mon—Frl, except holidays
0ff-Peak = Other hours

——— —— - - —— > T —— — . [ T S s T - - o T - D T S G

RIDER S

Under this rider, a customer may identify a certain amount of
‘capacity (demand) as interruptible. The charge for the
interruptible capacity is $0.10/kW/month. Energy taken under
the rider is charged at the S.C. 21 rate unless it is used in
a period in which IP anticipates operating high cost units or
or emergency purchases, in. which case the charge is

10 cents/kWh plus fuel cost adjustment.
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(14)
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ILLINOIS POWER COMPANY o
" DERIVATION OF SAMPLE Exhibit C

STANDBY RATE FOR SC21 CUSTOMER Page 1 of 2
SERVED AT SUBTRANSMISSION VOLTAGE
ASSUMPTIONS:
Marginal cost of subtransmission facilities ($/k¥/mo) $0.80
Monthly S.C.21 demand charge ($/kW/mo)
Summer (including ratchet on winter charge #1) $17.91
Winter $3.00
Marginal subtransmission revenues for S.C.21 as a
percent of generation + transmission + subtransmission
marginal revenues (Percent)
© Summer ' 17%
. Winter : : _ 6%
Ratio of adjusted proposed to marginal demand revenues
for S.C.21 class _ 1.19
0.25 cent/kwh adjustment as percent of total summer :
demand revenues without a winter ratchet (Percent) 14.21%
FACILITIES CHARGE
($ per month) - $600.00
REQUIRED FACILITIES CHARGE
($ per kW of contract capacity per month)
Marginal cost of subtransmission : $0.80
Adjustment for ratio of proposed to
marginal revenues (9)x(6) $0.95
ENERGY CHARGES (excludes 0.25/kWh cent adj.)
Peak periods ($/kWh). $0.0375 + fuel adjustment
Off-peak periods ($/kWh) $0.0245 + fuel adjustment
DEMAND CHARGES ($/kW/month) : _ Summer Winter
S.C. 21 demand charge adjusted for 4
ratchet ’ . $17.91 $3.00
Adjusted for 0.25 cents/kWh (13)x[1+(7)] ‘
(Summer only) $20.46 $3.00
Adjusted for subtransmission costs
C(18)x[1-(4)] or (14)x[1-(5)] $16.98 $2.82 .
Adjusted for 50-percent discount in
two winter months (15)x8/7 : _ $3.22

#1 Equal to the $15.41/kW demand charge plus the $2.50 surcharge’
on winter demand adjusted for number of months in each season
and its applicabilty to 50% of contract capacity.

Source: NERA Worksheet, "IPC Marginal Subtransmission Costs
: Adjusted for Coincidencs (SC21)," IPC Preliminary Rates
for SC 21 data supplied by IPC, NERA worksheets '
"Components of Marginal Revenues Rate SC 21, 1986,"
"Calculation of Ratio of Proposed to Marginal Demand
" Revenue SC 21," and "IPC S.C. 21 Billing Determinants.”



ILLINOIS POWER COMPANY .
DERIVATION OF SAMPLE %ggg%}é%z
STANDBY RATE FOR SC21 CUSTOMER
SERVED AT PRIMARY VOLTAGE

ASSUMPTIONS:
(1) Marginal cost of primary facilities ($/kW/mo) $0.47
Monthly S.C.21 demand charge ($/kW/mo) ' ’ '
(2) Summer (including ratchet on winter charge #1) $21.36
(3) Winter $3.00

Marginal primary revenues for S.C.21 as a percent of
generation + transmission + subtransm1331on + primary
marginal revenues (Percent)

(4) Summer 6%
(5) Winter : _ 0%
. Ratio of adjusted proposed to marginal demand revenues
(6) for S.C.21 class 1.19
(7) 0.25 cent/kwh adjustment as percent of total summer

demand revenues without a winter ratchet (Percent) _ 14.21%

e et o i e o e P e e S 6 T e i S e e e - e S e e e C S5 e e e e e e e e

FACILITIES CHARGE
(8) ($ per month) $200.00

REQUIRED FACILITIES CHARGE
($ per kW of contract capacity per month)

(9) Marginal cost of subtransmission .$0.47
(10) Adjustment for ratio of proposed to
marginal revenues (9)x(6) $0.56
ENERGY CHARGES (excludes 0. 25/kWh cent adj. ) ,
(11)  Peak periods ($/kWh) $0.0385 + fuel adjustment
(12) " 0ff-peak periods ($/kWh) : $0.0255 + fuel adjustment
DEMAND CHARGES ($/kW/month) ' Summer Winter
(13) S.C. 21 demand charge adjusted for
ratchet - $21.36 _ $3.00
(14) Adjusted for 0.25 cents/kWh (13)x[1+(7)]
: - (Summer only) $24.40 $3.00
(15)  Adjusted for primary costs .
(14)x[1- (4)? or (14)x[1-(5)] $22.93 $3.00
(16) ‘Adjusted for 50-percent discount in

two winter months (15)%8/7 : $3.43

#1 Equal to. the $18.86/kW demand charge plus the $2.50 surcharge
on winter demand adjusted for number of months in each season
and its applicabilty to 50% of contract capacity.

Source: NERA Worksheet, "IPC Marginal Primary Costs
Adjusted for Coincidence (S€21)," IPC Preliminary Rates
for SC 21 data supplied by IPC, NERA worksheets
"Components of Marginal Revenues Rate SC 21, 1986,"
"Calculation of Ratio of Proposed to Marginal Demand
Revenue SC 21,"” and "IPC S.C. 21 Billing Determinants.”
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AVERAGE OUTAGE LENGTH OF GENERATING FACILITIES

Appendix I

FOR THE TEN-YEAR PERIOD 1965-1974

1) Jet Engine
2) Gas Turbine
3) Diesel

4) Fossil
60-89 MW

»90-129 MW

- 130-199 ﬁw
200-389 MW
390-599 MW
600+ Wi

*Forced Outage

**Maintenance Outage

- *%*¥Planned Outage

Forced* Maintenance*¥ Planned*¥*##*

e (Hours) o T
(1) (2) (3)
58.6 22.0 103.5
50.9 35.4 122.9
39.5 16.1 15.9
52.2 62.9  510.2
45.8 65.9 | 461.1
43.5 61.0 439.7
53.9 | 78.5 512.8
60.2 9.4 551.3
64.3 97.4 59.3

The occurrence of a component failure or other
condition which requires that the unit be removed
from service immediately or up to and including
the very next weekend. .

The removal of a unit from service to perform
work on specific components which could have been
postponed past the very next weekend. This is
work done to prevent a potential forced outage
and which could not have been postponed from
season to season. ‘

The removal of a unit from service for inspection
and/or general overhaul of one or more major
equipment groups. This is work which is usually
scheduled well in advance (e.g., annual boiler
overhaul, five-year turbine overhaul).

Source: Edison Electric Institute, Equipment Availability
Task Force of the Prime Movers Committee, "Report on
Equipment Availability ability for the Ten-Year Period,
1965-1974." ‘ : o
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Appendix II

ILLINDIS PONER COMPANY
PROJECTED 105 3F LOAD HOURS
1955-2004
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L2t I 2,50 T8 52 R0 45 TID L3 112 4908
5460 T LT ML TS0 3.9 fa5 8B L1 92 s0.07
13 LaE %2 L9 4% 285 LI L AS0 .36 IS9

L3 OLI 470 L7300 182 53 S5 LB e L3V L6 3L
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Zource: iP worksneets "Nonthly Sussaries for the Tears 19832004,
Loss of Load Hours bv Rating Feriad,”
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EC RS
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NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-33

May 3, 2004

Person Responsible: Hethie S. Parmesano

Page 1 of 1

Information Request TEC-3-33

Please provide a copy of “Line Extension Policies in the Restructured U.S. Electric
Industry’ (April 2001).

Response
A copy is provided as Attachment TEC-3-33.
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NSTAR Electric

Department of Telecommunications and Energy
D.T.E. 03-121

Information Request: TEC-3-34

May 3, 2004

Person Responsible: Hethie S. Parmesano
Page 1 of 1

Information Request TEC-3-34

Please provide a copy of “Line Extension Policies-Due for a Change?” (April 3-4,
2002).

Response
A copy is provided as Attachment TEC-3-34.
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